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Lamination and fractures are common features in organic-rich shales. The objective of 
this thesis is to determine the impact of lamination and fractures on elastic properties, shear and 
tensile failures, and the permeability of organic-rich shales.       
 The elastic properties of rocks determine the hydraulic fracture geometry. Elastic 
properties are independent of direction in isotropic rocks, thus they can be calculated with only 
two static or dynamic measurements. However, thin laminations at millimeter scale and 
bentonite layer at foot-scale cause directional dependency (anisotropy) in the elastic properties of 
Eagle Ford shale. Throughout the literature, it is usually assumed that the three oriented samples 
have identical properties when they are drilled closed to each other. However, this assumption is 
not valid for some Eagle Ford shale facies due to the presence of irregular thin laminations which 
can create heterogeneity in one-inch samples. We explain how the heterogeneity can generate 
error in the estimation of anisotropy, thus we recommend that characterization of heterogeneity 
is essential for anisotropic studies in shale formations. At the well scale, the estimation of the 
minimum horizontal stress in Eagle Ford shale was improved by including the effect of 
lamination in Eagle Ford shale and the characterization of a bentonite layer at the boundary of 
upper and lower Eagle Ford shale with high Poisson’s ratio.   
 Breakout is used to estimate the insitu stress orientation which is eventually used to 
determine the orientation of lateral landing for optimum hydraulic fracture performance. 
However, the compressive strength of Mancos and Green River shales at various lamination 
angles show dependency on lamination angle. It was found that the Mancos shale has the 
weakest compressive strength at the lamination angle of 60°. Moreover, the post-failure radial 
gauge recording and visual inspection of the shale samples show that the failure mechanism at 
60° is by sliding on the lamination. The shear fracture pattern can impact wellbore stability and 
hydraulic fracture analyses.          
 A planar tensile fracture is expected perpendicular to minimum horizontal stress based on 
the assumption of isotropic mechanical properties. However, complex fracture network can be 
created in organic-rich shales due to the presence of anisotropic and heterogeneous features. We 
iv 
 
examined how lamination and natural fractures can impact tensile failure pattern using Brazilian 
testing on Green River, Mancos and Niobrara shales. The tensile strength of calcite-filled 
fractures was obtained to be one-third of the matrix and the tensile strength along the lamination 
is almost half the tensile strength across the lamination in Green river shale. The tensile strength 
of Eagle Ford shale along the lamination is negligible due to the presence of microfractures 
generated during the maturation process. Moreover, calcite-filled fractures or laminations can be 
activated if the approaching angle is less than 30°. Including the tensile strength anisotropy and 
tensile fracture pattern in hydraulic fracture modeling can improve the estimation of fracture 
geometry which can eventually improve the production forecast.      
 The measurement of permeability of shale formations is challenging due to both the tight 
nature of shales and the presence of anisotropic features (lamination and microfractures). As an 
alternative to pulse decay and crushed sample method, we explain the measurement of 
permeability in nano-Darcy range by complex transient method. We determined that errors can 
be generated as a result of heterogeneity when three oriented samples are used to examine the 
effect of lamination on permeability or due to the artifact of the induced fractures at low effective 
stress. The path of microfractures in Eagle Ford shale can become more tortuous due to the 
deviation or termination toward foraminiferas, thus fracture permeability can be impacted.   
 One of the major questions in shale hydraulic fracturing is related to the low water back-
flow recovery. Comparing the fracture permeability testing of a granite sample with a Niobrara 
shale sample, we concluded that water trapping in microfractures can be partially responsible for 
the low backflow water recovery. Moreover, the fracture geometry was numerically created 
using the surface topographic map by laser profilometry measurements. The numerical 
simulations of fluid flow show that fracture permeability decrease as a result of roughness and 
the impact of roughness on fracture permeability is higher as fracture aperture decreases. 
Moreover, 50% anisotropy in fracture permeability was obtained as a result of fracture 
roughness. Incorporation of intrinsic fracture permeability anisotropy and fracture surface 
roughness can improve the modeling of fluid flow in shale reservoirs, fluid migration in faults 
and proppant transport and efficiency in hydraulic fractures.      
 Altogether, this thesis improves the characterization of organic-rich shales by 
incorporating the effect of lamination and fractures on failure and flow properties as well as 
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CHAPTER 1                                                                                                               
INTRODUCTION 
 
Anisotropy is the directional dependency of a material property such as wave velocity, 
compressive strength, tensile strength, permeability or resistivity. Laminations and fractures are 
sources of anisotropy in geologic formations. The mechanisms responsible for generating 
anisotropy, anisotropic features in various scales and the critical role of anisotropy in the 
development of shale resources are discussed in this chapter.  
1.1. Statement of the Problem: Anisotropy in Shales      
 Characterization of anisotropy is critical in shales due to the nature of grain alignments 
and various mechanisms to create fractures in shales. Platy minerals such as clays have tendency 
to be aligned in parallel orientation (Figure 1.1). The preferred particle orientation can occur 
during the deposition process or after deposition during burial and the diagenesis process. Well-
developed laminations originate from quiet and deep anaerobic depositional environments 
(O’Brien and Slatt 1990).         
 The lenticular distribution of kerogen is another factor in producing anisotropy in wave 
velocity (Vernik and Milovac 2011).  Moreover, over-pressurization can create horizontal micro-
fractures when kerogen is converted into bitumen, oil and gas in the process of maturation (Berg 
and Gangi 1999; Lash and Engelder 2005; Lewan and Birdwell 2013; Al Duhailan et al. 2013) as 
shown in Figure 1.2 for Green River shale after pyrolysis experiment.  
 Besides natural fractures, there are mechanisms that create fractures artificially. Fractures 
can be induced due to release of stress during the core retrieval and transportation or due the 
fluid/shale interaction. Core samples expand in the direction of maximum stress as the samples 
are retrieved from bottomhole to surface (Fjaer et al. 2008). This expansion can create horizontal 
fractures in shales since shales have low tensile strength along the lamination. Additionally, 
capillary suction and gas entrapment in shales can induce fractures (Schmitt et al. 1994). As we 
will discuss in Chapter 4 and 5, fractures significantly affect tensile strength and permeability, 
thus it is essential to distinguish between natural fractures and the induced ones. Kulander et al. 
(1979) explained the fractographic techniques to distinguish between natural fractures and the 
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coring or handling-induced fractures. Horizontal natural fractures often show the indications of 
past tectonic activity. The frictional movement of fracture surfaces causes directional 
dependency of surface roughness which is called slickenside. Moreover, there is often secondary 
fibrous or non-fibrous mineral growth. Vertical natural fractures are very uncommon in 
conventional coring since there is low possibility of drilling widely-spaced vertical fractures in a 
vertical wellbore. Handling induced fractures usually indicate a powder zone at the point of 
impact on the outer core surface.          
 Anisotropic features in shales can be characterized in several scales using various 
characterization methods such as outcrop study, whole core and plug laboratory testing, thin-
section, computed tomography (CT), and scanning electron microscopy (SEM) analyses.   
 




Figure 1.2: Natural horizontal fractures by pyrolysis experiment (Lewan and Birdwell 2013). 
Laminations are observed in the outcrop of Green River shale in Colorado (Figure 1.3). 
Vertical calcite-filled fractures are observed in the outcrops of the Niobrara shale in Colorado 
(Figure 1.4). Fractures are abundant in Eagle Ford whole cores (Figure 1.5) which make drilling 
plugs from Eagle Ford cores highly challenging. Lamination or fractures are frequent in the 
tested plugs of shale or carbonate samples (Figure 1.6). Eagle Ford has fine lamination or micro-
fractures parallel to lamination. Mancos and Green River shales are characterized with 
laminations in millimeter scale. Niobrara shale, Austin Chalk, and Buda limestone have naturally 
filled fractures. On the other hand, no anisotropic characteristics are observed in Berea sandstone 
or in the igneous rock. Lamination is also observed on the thin- section analysis of the Eagle 
Ford shale (Figure 1.7). Micro-fractures are detectable in Mancos shale by CT imaging (Figure 
1.8). The SEM image detects smaller micro-fractures in Eagle Ford shale using higher resolution 




Figure 1.3: Lamination in the outcrop of the Green River Shale in Colorado. 
 




Figure 1.5: Widespread fractures in a whole core of Eagle Ford shale. 
 




Figure 1.7: Thin section of the Eagle Ford shale with laminated structure (courtesy of Bryan 
McDowell)  
 




Figure 1.9: Micro-fractures in Eagle Ford shale characterized by SEM imaging. 
1.2. Critical Role of Anisotropy in the Development of Shale Resources   
 Presence of laminations or fractures affects every aspect of operations or data analysis in 
organic-rich shale formations. The summary of these applications is shown in Figure 1.10. 
 Prediction of well performance is vital for economic success of a wellbore. This 
prediction is challenging in organic-rich shale formations (Mohaghegh 2013) due to the 
uncertainty in the estimation of fracture geometry, estimation of matrix permeability, effect of 
stress on fracture permeability and the fluid/rock interaction forces in shale reservoirs.   
 In the classical theory of hydraulic fracturing, a planar fracture is created perpendicular to 
minimum horizontal stress (Hubbert and Willis 1957). However, the existence of discontinuities 
causes deviation from this theory toward a more complex fracture network (Blanton 1982; 
Warpinski and Teufel 1987). microseismic monitoring is usually applied in analyzing fracture 
geometry in shales. However, the estimation of fracture map based on microseismic data is not 
accurate due mostly to the uncertainty in the velocity models used in microseismic calculation 
(Maxwell 2009). The results of anisotropy in shear failure (Chapter 3) and anisotropy in tensile 
failure (Chapter 4) contribute to the improvement of complex fracture theory in shale resources 
and to the improvement in the estimation of fracture initiation pressure (Serajian and Ghassemi 
2011), minimum horizontal stress  (Suarez-Rivera and Bratton 2009), fracture width (Chertov 
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2012), fracture height (Waters et al. 2011) microseismic mapping (Maxwell 2009) , breakout 
analysis (Lee et al. 2012), and the understanding of micro-fracture generation during oil and gas 
expulsion (Lash and Engelder 2005; Al Duhailan et al. 2013). An improved understanding of 
complex fracture helps not only the production forecast and hydraulic fracture optimization but 
also reduces the uncertainties in the environmental concerns related to hydraulic fracturing.  
 Another important factor in improving the production forecast in shale reservoirs is to 
accurately estimate the matrix and fracture permeability. Shale matrix permeability is anisotropic 
due to the laminated nature of shale or the presence of natural or induced fractures as discussed 
in Chapter 5. Conventional fracture simulation assumes fractures as smooth parallel plates (Huitt 
1956; Parsons 1966). However, the surfaces of fractures have some degree of roughness causing 
intrinsic anisotropy in fracture permeability as discussed in Chapter 6. Fracture permeability can 
change with time, stress and fluid/rock interaction as explained in Chapters 5 and 6.  
              
 




- Complex fracture vs. plannar fracture 
- Production forecast 
- Enviromental impact analysis 
- Matrix and fracture permeability 
         -Natural micro-fractures    
 
Break-Out Analysis 
- In-situ stress orientation 
-Wellbore stability 
-Cutting transport 
Well Log Analysis 
- Mechanical properties  




- Estimation of fracture geometry 
- Induced seismicity evaluation 
 
Applications of Anisotropy 
in Shale Development 
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1.3. Organization of the Thesis         
 The organization of the thesis is summarized in Figure 1.11. Vertical transverse isotropic 
(VTI) modeling is used to characterize the effect of lamination on shear and tensile failure, wave 
velocity and permeability. The effects of stress on mechanical and acoustic properties are studied 
in terms of triaxial stress state in which two horizontal stresses are equal but different from the 
vertical stress. The stress condition for the permeability experiments is hydrostatic in which all 
three principles stresses are equal.          
 Mineralogy, organic content, maturity and wettability of the shale samples are presented 
in Chapter 2. The data in this chapter paves the way for analyzing the data in the following 
chapters.           
 The results of simultaneous measurements of geomechanical and acoustic properties of 
organic-rich shales are presented in Chapter 3.  The effect of lamination on elastic properties 
(dynamic and static) and the compressive strength of several shales are analyzed. The effects of 
heterogeneity and scale on the evaluation of anisotropy are discussed.    
 The results of indirect tensile testing (Brazilian test) are presented in Chapter 4. The 
effects of lamination and fractures on tensile strength and tensile fracture pattern are discussed.  
 The results of pulse decay and complex transient method to measure permeability are 
presented in Chapter 5. The effect of laminations and fracture on fluid flow in shale cores is 
determined. The impact of micro-fractures on the measurement of shale permeability is 
discussed.            
 The effect of roughness on fluid flow anisotropy in a single fracture is presented in 
Chapter 6. Fracture roughness is obtained by laser profilometry. Fracture geometry is 
numerically constructed and discretized. The permeability of a rough fracture is compared with 
the smooth fracture. Intrinsic anisotropy in fracture permeability due to roughness is evaluated. 
The hysteresis in fracture permeability is determines. The difference between gas and water 



























CHAPTER 2                                                                                                              
PETROPHYSICAL PROPERTIES OF SHALES 
 
In this chapter, the petrophysical properties of the tested samples are presented. Organic 
richness, maturity, mineralogy and wettability of the shale samples and a brief description of the 
formations are explained.                 
2.1. Geochemical Properties       
 Organic-richness and maturity are critical parameters in successful exploration of shale 
plays. Source rock evaluation is usually conducted through pyrolysis technique using Rock-Eval 
and LECO® TOC methods. A small amount of rock sample (0.1 gram) is placed in an oven at a 
programmed temperature in the Rock-Eval method (Figure 2.1). There are two heating periods as 
described by Nordeng (2012). However, the temperature program can be different in various 
types of pyrolysis apparatuses. In the first temperature stage, the temperature is held constant at 
300 °C for two or three minutes. Free oil is vaporized at this temperature and the amount of free 
oil is referred to S1 (mg  Hydrocarbon (HC) g Rock⁄ ). In the second temperature period, the 
temperature is increased from 300°C to 650°C at the rate of 25°C per minute to convert the 
immature organic content (kerogen) to vapor. This conversion is referred to S2 (mg HC g Rock⁄ ) 
in the Rock-Eval report. Carbon dioxide and carbon monoxide captured during the pyrolysis is 
recorded as S3  which is the measure organic oxygen. The temperature at which the highest 
hydrocarbon vapor is produced is referred to Tmax (°C). Total organic carbon (TOC) can be 
measured using LECO® TOC method. In this method, inorganic carbon is removed by acid 
washing. The remaining material is combusted and the amount of released CO2 is used to 
calculated TOC. Productivity index (PI) is defined as a measure of free hydrocarbon by Equation 
(2.1). Hydrogen Index is defined as the measure of immature hydrocarbon by Equation (2.2).  
PI =  
S1(mg)
S1(mg)+S2(mg)
                (2.1) 
HI =  
S2(mg)
TOC (wt%)
× 100             (2.2) 




Figure 2.1: Characterization of total organic content using pyrolysis technique                   
(Lafargue et al. 1998). 
The interpretation of the geochemical data should be used with caution. High TOC is 
usually considered as the indicator of a good source rock. Usually TOC less than 1 wt% is 
described as “poor” and more 5% of TOC is described as “excellent” organic-rich source 
formation (Nordeng 2012). However, the amount of organic matter in rock decrease as 
hydrocarbon is generated and expelled, thus the amount of both carbon and hydrogen should be 
used for proper interpretation of the data as discussed by Dembicki (2009). Contamination of 
rock sample with oil based mud can cause artificial increase in S1 values (Nordeng 2012). Tmax  
and S2  depend on the heating rate in the pyrolysis (Nordeng 2012). Therefore, the temperature 
history should be taken into account when the results of different laboratories or different types 
of Rock-Eval apparatuses are compared. In Rock-Eval 6, the temperature is increased to 850 °C 
instead of 600 °C in the previous versions (Lafargue et al. 1998).                      
 The results of total organic content and pyrolysis analysis of all the samples are provided 
in Table 2.1. Eagle Ford shale samples have excellent TOC in the range of 6 to 7 wt%. Eagle 
Ford samples also have low HI and high PI values representing the high amount of free oil in the 
samples. The contamination of samples with mud can be an issue in addressing PI values; 
however, no estimation of contamination can be made. Several Green River shales with various 
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TOC are studied (≈ 6, 16 and 20 wt%). TOC values are excellent; however, Green River shale is 
immature as determined by high HI values. The preserved samples from Buda Limestone and 
Austin Chalk and Mancos outcrop shale in this study have poor amount of TOC and the Niobrara 
shale sample has good amount of TOC (≈3 wt%). The HI of Green Riven and Eagle Ford shales 
are plotted versus their PI in Figure 2.2. Both samples exhibit inverse linear correlations while 
the correlation for the Green river shale is stronger (R Squared of 0.90 for Green River compared 
to 0.80 for Eagle Ford shale). The HI versus Tmax  chart is usually used to determine the maturity 
and kerogen types (Figure 2.3). Green River is immature lacustrine shale, and Eagle Ford 
samples are mature oil/gas bearing formation. The samples from La Salle County are more 
mature than the samples from Gonzales County. Mancos shale sample is inert and the Buda and 
Austin samples are in the post-mature window. 
Table 2.1: Total Organic Content (TOC) and the maturity of the samples in this study 










EF1 7.24 439.95 14.64 13.79 0.61 190 0.51 
EF2 6.83 447.92 17.62 9.17 0.55 134 0.66 
EF3 6.42 451.77 5.19 14.32 0.38 223 0.27 
EF4 5.93 451.78 6.34 12.09 0.41 204 0.34 
EF5 6.94 453.17 10.95 10.79 0.29 155 0.50 
EF6 7.64 449.05 10.94 10.78 0.33 141 0.50 
EF7 7.64 450.82 24.13 9.66 0.42 127 0.71 








 GR1 19.97 427.49 5.66 183.86 1.22 921 0.03 
GR2 6.10 436.98 2.44 40.99 0.93 672 0.06 
GR3 15.85 445.75 4.11 137.43 1.87 867 0.03 
GR4 16.32 420.76 4.52 133.30 2.86 817 0.03 
Mancos M 1.10 438.88 0.51 0.54 0.20 49 0.49 
Buda B 1.28 476.80 2.83 1.29 0.49 100 0.69 
Austin 
Chalk 
AC 0.87 484.30 1.36 0.69 0.47 79 0.66 
Niobrara N 3.09 436.00 4.28 8.78 0.50 284 0.33 






Figure 2.2: Correlation between Hydrogen Index (HI) and Productivity Index (PI). 
 
Figure 2.3: Maturity and kerogen type of the samples. 
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2.2. Mineralogical Composition       
 Mineral composition of rock is important for the development of shale resources. Mineral 
composition affects the elastic properties such as Young’s Modulus and Poisson’s ratio, the 
brittleness and the rock/fluid interaction. However, mineralogical composition should not be the 
only factor considered for the evaluation of shale resources for hydraulic fracturing. Rock 
mechanical behavior is a function of temperature, confining stress (Nygard et al. 2006) and the 
presence of discontinuities besides the mineralogical composition. Rocks are more ductile at 
higher stress and temperature conditions. For instance, high pressure is required to fracture 
Haynesville shale since it is a deep reservoir with high reservoir temperature. The stress 
anisotropy also affects the hydraulic fracture performance. The higher the in-situ stress 
anisotropy, there is more possibility for planar fractures. For instance, Stegent et al. (2010) 
predicted more complex fracture in Barnett shale than Eagle Ford shale due to less stress 
anisotropy in the Barnett shale compared to Eagle Ford shale. The presence of discontinuities 
such as joints, faults, and bedding planes can significantly affect the overall geometry of 
hydraulic fractures as discussed by Warpinski and Teufel (1987).  Different shales indicate 
various levels of heterogeneity. Likewise, significant difference between different shales exists. 
Hence there is no general solution for all the shales, thus specific case studies are required. 
Akrad et al. (2011) compared the mineralogy of four shale plays by quantitative electron 
microscope scanner method. The lower Bakken and Haynesville plays are reported as clay-rich, 
middle Bakken and Eagle Ford as calcite-rich and Barnett as quartz-rich resource plays.    
 The mineralogical compositions of the samples in this study are obtained by X-ray 
diffraction (XRD) analysis (Table 2.2).  Eagle Ford, Green River, Buda, Austin and Niobrara 
sample are all calcite-rich in different degrees and the Mancos shale sample is quartz rich. The 
mineralogical composition of the Berea sandstone made up quartz is also provided to show the 
contrast. As the mineralogical composition shows, there is no dominant clay content in the tested 
shale samples.  Hart et al. (2013) also reported that most of source rock reservoirs are not 
dominated by clay minerals.           
 The terminology for describing what is known as “shale” is not well established in 
petroleum engineering although there is precise terminology from geological perspective. Hart et 
al. (2013) summarized the fundamental definitions. In this study, “shale” is defined as the fine-
grained sedimentary source rock which cannot produce naturally at economic rate due to its 
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extremely low permeability. Therefore, a stimulation technique such as widely used hydraulic 
fracturing is required to create fractures to enhance production to economic rates. Shale oil or gas 
is used for mature shales (containing free oil/gas) and oil shale is used to describe immature 
shale resources such as Green River shale which require high heating temperatures to convert 
kerogen to oil and gas.    
Table 2.2: Mineralogy of the samples in this study 









 EF1 26 8 7 - <5 54 <2 <3 - 
EF2 25 8 5 - 7 49 <1 <3 - 
EF3 16 16 7 - 8 48 - <2 - 
EF4 15 17 7 - 7 49 - <3 - 
EF5 23 13 6 <5 <3 50 - <3 - 
EF6 18 11 5 - 6 53 - 3 - 
EF7 22 8 <5 - <5 58 <3 <3 - 








 GR1 20 14 - - 15 12 29 - 6 
GR2 15 18 - - 19 17 31 - - 
GR3 15 10 - - 13 12 43 - <5 
GR4 18 <5 - - 10 9 32 - 15 
Mancos M 43 11.5 9 - 11 12 10.5 <1 - 
Buda Limestone 
Limestone 
B 11 10 <3 - <5 25 48 <1 - 
Austin Chalk AC <5 - - - <3 90 - <1 - 
Niobrara N 5 5 - - - 86 <3 <1 - 
Berea Sandstone BS 93 1 5 - - - 1 - - 
 
2.3. Wettability         
 Recovery of hydrocarbon depends not only on the organic content, maturity, and 
permeability but also on the wettability of the hydrocarbon to the formation. If the formation is 
oil wet, the attractive forces of oil to rock reduces the recovery efficiency. Contact angle is a 
common method to measure the wettability of rock samples and there are several methods to 
measure contact angle (Anderson 1986; Yuan and Lee 2013). In sessile drop method, contact 
angle is measured by placing a drop of liquid on smooth rock sample in the presence of another 
fluid. If the contact angle is much less than 90 degree, the rock is referred to as water wet. If the 
contact angle is much greater than 90 degrees, the rock is referred to as oil wet. The rock is 
called mixed wet if the contact angle is around 90 degrees.       
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 In the contact angle measurements in this study, a drop of deionized water is placed on 
smooth surface of various rock samples in the presence of air at ambient temperature and 
pressure conditions. DSA 100 from Kruss was used to measure contact angle (DSA 100 manual). 
The schematic for the contact angle definition and the active forces present at the fluid-rock 
interface are illustrated in Figure 2.4. Young’s equation demonstrates the balance of forces on a 
solid/fluid interface. 
Υlg × cos(𝜔) = Υsg − Υsl             (2.3) 
where Υlg is the liquid/gas interfacial force, 𝜔  is the contact angle, Υsg is the solid/gas force and 
Υsl is the solid/liquid force.         
 Contact angle is a function of the mineralogy of the rock sample, the type of fluid on the 
surface and the state of pressure and temperature. Opposite to sandstone reservoirs with water 
wet behavior, carbonate rocks are usually neutral to oil wet behavior (Chilingar and Yen 1983). 
 There are limited data available on the wettability of organic-rich shales. Bai et al. (2013) 
measured the contact angle of Fayetteville shale cores and reported contact angle as almost 48 
degree for DI water. Zelenev (2011) determined the surface energy for various shale core 
samples to be low, typically in the range of 40-50 mJ/m
2
. Odusina et al. (2011) applied NMR to 
study the wettability of shales and they reported mixed-wettability for shales of their study. 
Wang et al. (2011) used spontaneous imbibition method to measure wetting characteristics of 
Bakken shale and possibility of imbibition to recover oil from shale. They reported an increase in 
permeability during brine spontaneous imbibition into Pierre shale core samples. They attributed 
high permeability to the cracking as a result of clay swelling as well as the dissolution of 
minerals. Besides the mentioned physics, the cracks can be created also as a result of gas 
entrapment and high capillary pressure as discussed by Schmitt et al. (1994).   
 The effect of total organic content and maturity are two critical factors for shale 
reservoirs which are addressed in this section. Contact angle of several shale core samples are 
compared in Figure 2.5. Several measurements were conducted on each sample to confirm the 
repeatability of the experiments. Green River shale samples show the highest contact angle. This 
hydrophobicity is due to the presence of kerogen. On the other hand, Mancos shale is very water 
wet with the lowest contact angle. The correlation between contact angle and TOC is obtained in 




Figure 2.4: Illustration of the contact angle formed by sessile drop method. 
The higher contact angle can be partially attributed to the higher amount of kerogen. 
Higher TOC is preferred from source rock evaluation point of view. However, the direct 
correlation between TOC and contact angle means less efficiency in the recovery of higher TOC 
reservoirs which need to be considered in the total recoverable hydrocarbon from shale oil 
reservoirs as well.             
 The effect of maturity was investigated on the Eagle Ford samples. Contact angle 
increases with productivity index and decreases with hydrogen index (Figure 2.6). It also shows 
that the contact angle of Eagle Ford shale varies from 60 to 110 degrees depending on its 
maturity and TOC. Therefore, the limited data in this study determines Eagle Ford with mixed 
wettability. Al Duhailan et al. (2014) observed higher resistivity in the higher maturity sections 
of the Niobrara shale. They attributed the higher resistivity to the higher oil-wetting 
characteristic of the shales with higher maturity.    
2.4. Description of the Shale Formations        
 An introduction to the tested shale formations (Eagle Ford, Green River, Mancos and 
Niobrara) will be presented in this section. Eagle Ford is a mature oil and gas producing source 
rock in Texas; Green River is an oil shale (immature) formation in Colorado, Utah, and 
Wyoming; Mancos is Cretaceous shale in Colorado; and Niobrara is an oil and gas producing 




Figure 2.5: Contact angle of various shale types. 
 




Figure 2.7: Effect of maturity on contact angle. 
2.4.1. Eagle Ford Shale          
 Eagle Ford shale play in Texas and the core samples mostly come from La Salle County 
(Figure 2.8) and they are donated by members of Unconventional Natural Gas and Oil Institute 
(UNGI) CIMMM consortium. The production from Eagle Ford shale has been possible by the 
advances in horizontal drilling and hydraulic fracturing technologies. Eagle Ford has some oil 
bearing zones in the north, gas bearing zones in the south and condensate zone in the middle. 
The first commercial well in Eagle Ford play came to production of 9.7 Mcf/d in La Salle 
County in October 2008 (Martin et al. 2011).       
 Sondhi (2011) conducted mineralogical studies on 395 samples from three Eagle Ford 
shale wells. Major amount of clay components (53%) was reported. Stegent et al. (2010) 
reported the major component of Eagle Ford mineralogy to be carbonate minerals (55%). Harbor 
(2011)’s statistical data determines that higher carbonate content correlates to lower TOC. 




Figure 2.8: Eagle Ford shale map and the location of La Salle County (modified from EIA 2014). 
 Mullen and Nwabuoku (2010) reported the lower Young’s Modulus of Eagle Ford shale 
compared to Barnett shale to the higher calcite content of Eagle Ford shale. Stegent et al. (2010) 
studied the Brinnel number for several shale plays. The Brinell number of Eagle Ford shale was 
reported much less than the Barnett’s Brinell harness number which can consequently affect 
proppant embedment. Cipolla et al. (2010) predicted more embedment in Eagle Ford shale with 
lower Young Modulus. Akrad (2011) determined reduction in Young’s Modulus as a result of 
exposure to hydraulic fracturing fluid, especially in Eagle Ford shale compared to several other 
major shales.            
 The Eagle Ford samples are preserved samples from the lower Eagle Ford shale in La 
Salle County, Texas, USA. Eagle Ford shale is sandwiched between the Austin Chalk on the top 
and the Buda formation in the bottom in the Maverick Basin and San Marcos Arch as shown in 
Figure 2.9.  Both Austin Chalk and the Buda formation contain more than 80% carbonate content 
which is distinguishable from Eagle Ford with 40-60 wt% carbonate content. Eagle Ford shale 
samples are used for mechanical and wave propagation testing, tensile testing, and permeability 
testing. Austin Chalk and Buda Limestone samples are used in the tensile testing to compare the 




Figure 2.9: The stratigraphy of Eagle Ford shale and the adjacent formations (Hentz and Ruppel 
2011). 
2.4.2. Green River Shale          
 Green River is immature shale covering large area in Colorado, Utah, and Wyoming. To 
produce hydrocarbon from Green River shale, artificial heating is required to convert kerogen to 
oil and gas. Outcrop Green River shale samples with various TOC were donated by Enefit 
Company. The samples have high carbonate content with larger amount of dolomite. The 
samples are more oil wet, showing up to 120° of contact angle with water. Green River shale is 
tested for tensile and shear failure.   
2.4.3. Mancos Shale          
 Mancos is Cretaceous shale in Colorado between the Piceance and Uinta basins. It is 
highly laminated and it has high quartz content (43 wt%). The outcrop samples are organic-lean 
with 1.1 wt% of TOC. The Mancos shale samples have porosity of 4 to 6 % and permeability in 
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the range of micro-Darcy. The Mancos samples are determined as strong water wet by contact 
angle measurement. Mancos samples are used to evaluate the effect of lamination on shear and 
tensile strength and permeability.  
2.4.4. Niobrara Shale          
 Niobrara shale samples were donated by the CEMEX quarry in Lyons, Colorado. 
Niobrara is organic-rich shale originated 90 million years ago by the deposition of calcareous 
debris from algae and the remains of abundant marine life in an inland seaway extended from 
present-day Gulf of Mexico to Arctic Ocean (Eisinger 2011). The Niobrara formation is usually 
subdivided into the Fort Hays limestone member and the Smoky Hill member. The typical 
stratigraphy of Niobrara in the northeastern Colorado is illustrated in Figure 2.10. Niobrara shale 
is sandwiched between the Pierre shale on top and Codell sandstone in the bottom. The samples 
come from the Fort Hays limestone and they are composed of matrix minerals and the naturally-
sealed fracture. The matrix contains 86% calcite, 5% quartz and 5% illite. The natural fracture is 
calcite-filled as XRD study also confirms. The Niobrara shale samples were used in tensile, 
matrix permeability and fracture permeability testing.  
 
Figure 2.10: The stratigraphy of Niobrara formation in Colorado (Eisinger 2011). 
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CHAPTER 3                                                                                                                    
ANISOTROPY IN ELASTIC PROPERTIES AND SHEAR FAILURE  
   
 In this chapter, the effects of lamination and fractures on the geomechanical and acoustic 
properties of shales under compressive stresses are discussed. The elastic properties of Eagle 
Ford shale are calculated using VTI modeling. The effect of heterogeneity and fractures on the 
measurement and calculation of elastic properties are discussed. Correlations from core data are 
used to calculate minimum horizontal stress from sonic logs using VTI model.  The effect of 
lamination on shear strength and post-failure behavior of Mancos shale is studied. Shale samples 
at various orientations are obtained and tested. The radial strain measurements and post-failure 
analysis of the failed samples are used to determine the effect of lamination on failure 
mechanism. Finally, the mechanical and acoustic properties of immature Green River shale are 
studied. The effects of lamination and induced fractures on shear strength are discussed.  
3.1. Introduction          
 In classical geophysical applications, significant anisotropy is characterized in shales due 
to the nature of particle alignments and various mechanisms responsible for the creation of 
micro-fractures in shales.         
 Platy minerals such as clays have tendency to be aligned in parallel orientation. The 
preferred particle orientation can occur during the deposition process or after deposition during 
burial and the diagenesis process. Well-developed laminations originate from quiet and deep 
anaerobic depositional environment (O’Brien and Slatt 1990). The existence of strong particle 
alignment and high mixed layer of illite and smectite generate high velocity anisotropy 
(Dewhurst and Siggins 2006).         
 The lenticular distribution of kerogen is another factor in producing anisotropy in wave 
velocity (Vernik and Milovac 2011).  Moreover, kerogen is converted into bitumen, oil and gas 
in the process of maturation and the conversion increases pressure enough to create horizontal 
micro-fractures (Lash and Engelder 2005; Lewan and Birdwell 2013; Al Duhailan et al. 2013). 
The existence of micro-fractures increases the anisotropy in wave velocity of organic-rich shales 
(Vernik and Nur 1992; Vernik 1993; Vernik and Landis 1996; Vernik and Milovac 2011). 
 Besides natural fractures, there are mechanisms that create fractures artificially. Fractures 
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can be induced due to release of stress during the core retrieval and transportation or due the 
fluid/shale interaction. Core samples expand in the direction of maximum stress as the samples 
are retrieved from bottomhole to surface (Fjaer et al. 2008). This expansion can create horizontal 
fractures in shales since shales have low tensile strength along the lamination (Chapter 4). 
Additionally, capillary suction and gas entrapment in shales can induce fractures (Schmitt et al. 
1994). It is critical to distinguish natural fracture from the induce ones in the analysis of shale 
laboratory data.  
3.2. Theory and Experimental Procedure of Triaxial Testing     
 Rock properties are similar in all directions in an isotropic rock. On the other hand, rock 
properties change in all directions in a fully anisotropic rock. In laminated formations, there can 
be vertical axis of rotational symmetry which can reduce anisotropy to vertical transverse 
isotropy (VTI). Besides rock anisotropy, there is anisotropy in in-situ stresses. To simulate the 
effect of in-situ stresses on rock behavior, several types of experiments have been developed 
(Unconfined, Hydrostatic, Triaxial and True Triaxial). In unconfined experiment, there is only 
axial stress applied to a rock sample. In hydrostatic experiment, all three principle stresses are 
equal. In triaxial testing, the axial stress increases while a contestant confining stress is applied. 
In triaxial testing, minimum and maximum horizontal stresses are equal.  In true triaxial testing, 
all three principle stresses are different. Various scenarios for stress and strength anisotropy in 
laboratory experiments are shown in Figure 3.1.       
 In vertical transverse isotropic (VTI) model, there is a vertical axis of rotational 
symmetry, e.g. when there is a horizontal lamination (Figure 3.2). Hook’s law for a VTI model is 
provided in Equation 3.1 in which five stiffness coefficients are required to fully define the 
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where σxx, σyy, σzz  are normal stresses, σyz, σxz, σxy are shear stresses, Cij are the elastic 
stiffness coefficients, εxx, εyy, εzz are normal strains and εyz, εxz, εxy are shear strains.   
 Simultaneous triaxial mechanical and ultrasonic testing was conducted to obtain the static 
and dynamic elastic properties. The schematic of the experimental set up is shown in Figure 3.2. 
The rock sample is sleeved by a jacket to isolate the sample from the confining fluid (oil). The 
preserved samples are tested as received condition without applying pore pressure. 
Compressional and shear velocities are measured using piezoelectric transducers. Strain gauges 
are installed on the core to measure axial and radial deformations. To obtain the stiffness 
coefficients in a VTI model, five wave velocity measurements are required. These wave 
velocities are typically obtained using three core samples: a vertical, a horizontal and one 45-
degree sample (King 1969; Lo et al. 1986; Sondergeld et al. 2011). Wang (2002a, b) proposed 
the one-sample method for a more efficient method of obtaining elastic properties and saving 
time in sample preparation. In one-sample method, all the velocity components can be obtained 
from one sample and the stiffness coefficients can be calculated using the equations below.  
C11 = ρVp11
2              (3.2) 
C33 = ρVp33
2              (3.3) 
C44 = ρVs31
2             (3.4) 
C66 = ρVs12
2                         (3.5) 
C13 = −C44 +√4ρ2Vp45
4 − 2ρVp45
2 (C11 + C33 + 2C44) + (C11 + C44)(C33 + C44)   (3.6) 
Having all the 5 velocity components, dynamic Young’s moduli, and Poisson’s moduli 
can be calculated (Mavko et al. 2009). Thomsen parameters (Thomsen 1986) can be used to 
characterize the anisotropy in compressional velocity (ε) , and anisotropy in shear velocity (γ) 
and the energy loss through the medium (δ).  
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C13
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}            (3.14) 
A typical stress/strain curve as a result of a triaxial test is shown in Figure 3.3. 
Differential stress is the axial stress minus the confining stress. Usually axial strain is shown on 
the positive horizontal axis and the radial strain is shown on the negative horizontal axis as a 
convention. The slope of the stress/ axial strain curve determines the Young’s modulus. The 
higher Young’s Modulus represents stiffer rock. The ratio of the radial strain to axial strain 
provides the Poisson’s ratio. As the axial stress increases, shear stress increases until the rock 
sample fails. The peak stress that a rock can stand is referred to shear strength. Confining stress 
should be added to the differential axial stress in Figure 3.3 to obtain the shear strength. The 
amount of the stress that a rock can stand after the shear failure is referred to the residual shear 
strength.            
 Rock strength changes not only with the mineralogical composition and arrangement but 
also with the confining stresses. Triaxial testing is performed at several confining stresses and 
compressive strength is measured at any confining stress. If the test is done at zero confining 
stress, the test is called uniaxial or unconfined test and the peak stress is called uniaxial 
compressive strength or UCS. The results of triaxial testing at several confining stresses can be 
plotted in Mohr circles as shown in Figure 3.4 to obtain Mohr failure envelope (Equation 3.12). 
The slope of the Mohr failure line is referred to “friction coefficient” ( μ). The intersection of 
Mohr failure line with Y-axis is referred to “cohesion” (C). A rock sample at the shear and 
normal stress state below the Mohr failure line is safe and if the stress state is above the Mohr 
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line, the rock is failing. Another way of Mohr failure criteria is Equation 3.13 which provides 
shear strength (σ1) of the rock at any confining stress (σ3). 
τ = C + ϵσn                        (3.12) 
σ1 = UCS + Γσ3            (3.13) 
Γ = [(ϵ2 + 1)0.5 + ϵ]2           (3.14) 
 
Figure 3.2: Ultrasonic and mechanical testing configuration. A: The triaxial test configuration for 
mechanical and ultrasonic measurements. B: The top view for the radial strain gauge positions. 
C: The orientation of samples required for the three-sample method of elastic measurement. D: 





Figure 3.3: Schematic of the stress/strain curve from a triaxial test. 
 
Figure 3.4: Schematic presentation of Mohr failure envelope. 
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3.3. Elastic Anisotropy in Eagle Ford Shale       
 Eagle Ford shale is sandwiched between the Austin Chalk on the top and the Buda 
limestone in the bottom (Figure 3.5).  Both Austin Chalk and the Buda limestone contain more 
than 80 wt% carbonates which are distinguishable from the Eagle Ford shale with 40-60 wt% 
carbonates. Moreover, the Eagle Ford has higher TOC content, higher gamma ray (GR), higher 
clay content, higher resistivity, and lower compressional as well as shear velocity compared to 
both Austin Chalk and Buda formations. Eagle Ford shale is usually divided to the upper and 
lower sections. The lower Eagle Ford has higher GR, resistivity, uranium and thorium. The upper 
Eagle Ford has lower GR and higher potassium (K) as compared to the lower Eagle Ford. The 
thickness of the upper Eagle Ford gradually decreases outside of the Maverick basin toward East 
(Driskill et al. 2013). There is a distinct high clay content layer at the boundary of upper and 
lower Eagle Ford as discussed by Dawson (2000), Harbor (2011), Donovan et al. (2012), and 
Driskill et al. (2013). The clay-rich layer is a volcanic ash with potential source of Arkansas, 
West Texas, and the Western Interior Seaway as discussed by Charvat (1985). The upper-lower 
Eagle Ford boundary is identified in logs by neutron-density separation, high potassium, low 
total organic content (TOC) and low resistivity (Figure 3.5). High potassium is an evidence of 
ash falling in a marine basin which has undergone diagenesis in saline and high potassium 
environment (Potter et al. 2005). This clay product is usually called bentonite. Extra potassium is 
absorbed to the bentonite rock with time and burial and circulation of basinal brines, therefore 
bentonite layers are distinct markers in logs due to high potassium content.   
 Two sets of horizontal and vertical 3-inch (76.2 mm) diameter cores (B and C) were 
drilled from the lower Eagle Ford preserved full diameter conventional cores. After conducting 
velocity scanning and triaxial tests on the 3-in cores, 1-in (25.4 mm) plugs were drilled in 
horizontal, vertical and 45° from the vertical 3-inch diameter core. Sample C is closer to the 
boundary of lower Eagle Ford and Buda while sample B is in the middle of lower Eagle Ford 
shale (Figure 3.5). The average bulk density of sample B is 2.35 g/cc which is lower than the 
average of sample C with 2.48 g/cc density.         
 Mineralogy is an important parameter in the geomechanical properties of rocks and the 
efficiency of hydraulic fracturing operation. Sondhi (2011) studied the mineralogy of three Eagle 
Ford wells and reported 53% clay minerals. On the other hand, Stegent et al. (2010) reported that 
the major component of Eagle Ford mineralogy is carbonates with 55 wt%. The mineralogy of 
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the samples in this study was obtained from X-ray diffraction analysis of homogenized powders 
that samples all bedding layers over the 3-in diameter core. The Eagle Ford samples are 
composed of 43-47 wt% calcite, 15-30 wt% clay, 13 to 15-25 wt% quartz. The clay components 
are either illite or kaolinite and no smectite was detected. The cores are from oil producing area 
with the total organic content of 6 to 7 wt%.  
3.3.1. Characterization of Heterogeneity in Eagle Ford Shale     
 Lamina is the thinnest recognizable unit layer which differs from other layers in color, 
composition or particle size. Laminas are less than 1 cm in thickness and are usually in the range 
of 0.05 to 1.00 mm thick (O’Brien and Slatt 1990).  Eagle Ford shale exhibit fine lamination 
structure and the frequency of laminas in the core samples are not regular (Figure 3.6). Scanning 
electron microscopy (SEM) was used to characterize the lamination structure of the Eagle Ford 
shale in higher resolution (Figure 3.7). There is a distinct foraminifera-rich unit which can 
contribute to anisotropy.  Micro-fractures are also observed in some of the SEM images. The 
foraminifera units are filled by kaolinite and calcite and they are commonly associated with 
elevated pyrite content. This is a reason for these laminas to be distinguishable via CT scanning 
as well (Figure 3.8). Ritz et al. (2014) also characterized vertical heterogeneity in Eagle Ford 
shale using CT scanning and hardness tests.        
 Auto-scan was used to characterize heterogeneity in compressional velocity at lamina 
scale. In this method, compressional velocity propagates parallel to lamination by moving the 
probe every 0.50 mm perpendicular to lamination (Figure 3.9). The auto-scan measurements 
were collected at the end-face of the 3-inch diameter cores that were drilled parallel to the 
lamination. No stress is applied in auto-scan measurements. The absence of stress is more critical 
if the wave is propagated perpendicular to any existing fractures or if the elastic properties are 
stress-dependent. But, auto-scanning method measures velocity parallel to lamination or fracture, 
so visible fractures can be avoided. Auto-scan characterizes heterogeneities in mm scale and it is 
complementary to the characterization of heterogeneity in micro-meter scale by SEM imaging, 









Figure 3.6: Laminations in the Eagle Ford shale plugs (1-inch diameter). 
 
Figure 3.7: SEM analysis of Eagle Ford shale. A: A distinct unit of foraminifera associated with 
pyrite. B: Micro-fractures. C: the foraminifera-rich laminas are filled with kaolinite and calcite. 




Figure 3.8: CT scanning of Eagle Ford shale. 
The profile of velocity scanning on sample B and C are shown in Figure 3.9. Sample B 
has uniform velocity profile with average compressional velocity of 4400 m/s. On the other 
hand, sample C shows higher velocity and higher velocity variation in the 4400 m/s to 5100 m/s. 
The velocity variations correspond to the heterogeneity detected by CT scan and SEM images. 
The dominant heterogeneities are composed of foraminifera-rich laminas which have higher 
velocity. Based on these characterizations, sample B is referred to the homogeneous sample and 
sample C is referred to as the heterogeneous sample hereafter. As depicted schematically in 
Figure 3.9, 1-inch plugs from the core sample B provides almost three identical samples. On the 
other hand, 1-inch plugs from the core sample C can be quiet different, thus the assumption of 
similarity of samples in the three-sample method is violated. We will discuss through elastic 
anisotropic calculations how the heterogeneity in sample C affects the calculation of anisotropic 
parameters.  
3.3.2. Comparing Ultrasonic Wave Propagation at 1-inch and 3-inch Diameter Scale  
 Ultrasonic velocities were measured on 3-inch diameter cores (both horizontal and 
vertical) using two sets of transducers; one set propagating from end-cap to end-cap and the 
other set propagating across the diameter of the sample. Since compressional and shear velocities 
are measured parallel and perpendicular to lamination on both horizontal and vertical samples, 
there is redundant velocity data to evaluate the assumption in the similarity of samples. In 
homogenous conditions, each velocity component from horizontal sample and vertical 




Figure 3.9: Compressional velocity scanning.  
 For instance, vp11 in a vertical sample is the compressional velocity propagating across 
diameter (parallel to lamination) while vp11 in a horizontal sample is the compressional velocity 
propagating from end-cap to end-cap which is again parallel to lamination, thus they should be 
equal if the core is homogeneous on 3-inch scale. Using the velocity components, compressional 
velocity anisotropy (Epsilon) and shear velocity anisotropy (Gamma) were calculated. Epsilon 
and Gamma of 3-inch vertical and horizontal sample B and C are compared in Figure 3.10 and 
Figure 3.11 respectively. The results show that Epsilon and Gamma are similar for the vertical 
and horizontal samples, B and B’ respectively. This was expected due to the homogenous nature 
of sample B characterized with various methods. The Epsilon and Gamma of the vertical and 
horizontal samples C and C’ respectively are also similar but they are both higher than samples B 
and B’. Therefore, the millimeter scale heterogeneity in sample C increases anisotropy, however 
heterogeneity is uniform as the anisotropic parameters from both horizontal and vertical samples 
are similar. The effect of stress on anisotropic parameters is negligible on the 3-inch diameter 




Figure 3.10: A comparison of Epsilon of the horizontal and vertical samples at 3-inch scale. 
 
Figure 3.11: A comparison of Gamma of the horizontal and vertical samples at 3-inch scale. 
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 One set of horizontal, vertical and 45-degree 1-inch diameter core samples were drilled 
from each of the vertical 3-inch diameter cores. To evaluate the effect of loading and unloading 
hysteresis on velocity, a procedure consisting of several loading and unloading cycles of 
confining stress was conducted. The Epsilon and Gamma of 3-inch samples are compared with 
the Epsilon and Gamma of 1-inch samples in Figure 3.12 and Figure 3.13 respectively. The 
Epsilon and Gamma of 1-inch sample B is similar to the Epsilon and Gamma of the 3-inch 
original sample. On the other hand, there is significant difference between the Epsilon and 
Gamma of the 1-inch sample C and the 3-inch original sample. This discrepancy in the results of 
sample C can be attributed to the heterogeneous nature of sample C. As discussed in the 
compressional velocity scanning, the heterogeneous nature of sample C affects the three 1-inch 
plugs (horizontal, vertical and 45-degree) to be quite different, e.g. vp33 measured on a vertical 
sample can be enhanced due to the presence of the foraminifera-rich lamina compared to the 
horizontal sample. Therefore, the difference between vp33 measured on a vertical sample with 
vp11 measured on the horizontal sample can be decreased, thus lower Epsilon can be obtained. 
Therefore, the results of Epsilon and Gamma as well as Delta (Figure 3.14) of sample C are not 
representative when the measurements are conducted on plugs of 1-inch scale.     
 Sample B as the representative of the Eagle Ford shale elastic properties in this study 
shows weak elastic anisotropy with Epsilon of 0.14, Gamma of 0.11, and Delta of 0.06 at higher 
stresses. Sample C in 3-inch diameter scale shows higher anisotropy due to the existence of 
foraminifera-rich laminas (Epsilon of 0.16 and Gamma of 0.19). The anisotropy in sample B is 
weak compared to the classical anisotropy reported for shales. This discrepancy is due to the 
difference between the tested Eagle Ford shale with the assumptions and observations in 
classical geophysical applications for anisotropy. Eagle Ford shale is mostly composed of 
carbonate minerals and it does not have significant amount of clay. Moreover, the clay particles 
are not smectite. Several other source shales also lack significant amount of clay as discussed by 
Hart et al. (2013) and no significant particle alignment is observed in many source shales 
characterized by SEM image (Camp et al. 2013). There are micro-fractures in Eagle Ford shale 
since the horizontal planes are weak as a result of oil and gas expulsion and the damage to cores 
as a result of stress relief during the core retrieval. However, the effect of these fractures on 
elastic properties vanishes as stress is increased to the in-situ stress magnitude (section 3.4). In 
this set of experiments, there is negligible stress effect as micro-fractures did not exist or were 
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already closed at the lowest measured stress. Vernik (1993) determined that Epsilon is higher 
than Delta if the anisotropy is intrinsic while Delta is higher than Epsilon if the anisotropy is due 
to the existence of mic-fractures. The anisotropy in sample B is intrinsic as Epsilon is higher than 
Delta particularly at higher effective stresses. At lower effective stresses, the difference between 
Epsilon and Delta is lower due to possible role of micro-fractures.        
3.3.3. Static and Dynamic Properties of Eagle Ford Shale     
 The mechanical properties obtained by axial and radial deformation represent static rock 
mechanical properties while the dynamic properties are obtained by wave propagation. To obtain 
the static mechanical properties, the axial load was increased at a constant confining pressure 
while several cycles of axial loading and unloading were applied to evaluate the effect of 
hysteresis. The stress/strain graph for one of the samples is shown in Figure 3.15. There is 
difference between major loading and unloading cycles as the slope of the stress/strain curve 
shows. The rock is stiffer in the unloading condition which was also reported by Tutuncu et al. 
(1995); Sone and Zoback (2013). The horizontal sample shows higher Young’s modulus than the 
vertical sample. With an exception of the data at very low stresses, the sample behaves linear and 
elastic.            
 On the horizontal samples, two radial strain gauges (one parallel to bedding and the other 
one perpendicular to bedding in Figure 3.2) were installed on the samples to measure Poisson’s 
ratios. The radial gauge 2 shows higher deformation. On vertical samples also two radial strain 
gauges were installed (90° apart from an arbitrary azimuth) but as shown in Figure 3.15, both 
gauges show similar values. On all the samples two axial strain gauges were installed. The 
values from both strain gauges were quite similar and they were averaged to calculate the axial 
strain.             
 The average method was used to calculate the Young’s modulus in the axial stress range 
of 20 to 25 MPa. The summary of the static and dynamic data for Young’s modulus and 
Poisson’s ratio are provided in Table 3.1 and Table 3.2 respectively. The static horizontal 
Young’s modulus is higher than the static vertical one. The dynamic moduli are higher than the 
static ones however the difference is small.  
           




Figure 3.12: A comparison of Epsilon of the 1-inch samples with the 3-inch samples. 
 




Figure 3.14: Calculated Delta on 1-inch samples B and C. 
 







































        
 
  











































          
 
 
3.3.4. In-Situ Stress Determination        
 Logs are used to evaluate the petrophysical and mechanical properties of rocks which are 
vital for hydraulic fracturing design. Compressional and shear velocities could be obtained from 
logs for the calculation of Young’s modulus and Poisson’s ratio and consequently to calculate 
minimum horizontal stress. For isotropic media, minimum horizontal stress can be calculated by 
Equation 3.15 based on no horizontal strain assumption (Thiercelin and Plumb 1994). 
(σh,min − αpp) =
C13
C33
(σV − αpp) = (1 − 2
C44
C33
) (σV − αpp) =
υ
1−υ
(σV − αpp)            (3.15)     
In transverse isotropic rocks, five velocity measurements are required to determine the 
dynamic mechanical properties. However, only two of these parameters can be directly measured 
by sonic scanner logs (Equation 3.16 and 3.17). Horizontal shear velocity can also be calculated 
indirectly from the sonic velocity of drilling fluid and Stoneley velocity (Norris and Sinha, 
1993). One should make sure that the wellbore is vertical and the laminations are perpendicular 
to wellbore for the VTI model being applicable in well log analysis. Moreover, the effect of 
irregular wellbore geometry such as enlargement due to breakout should be carefully analyzed. 
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C44 = C55 = ρbvs,vertical












2                    (3.18)     
To overcome the other two unknowns of well logging (C13 and C12), the ANNIE 
assumptions (Equations 3.19 and 3.20) were proposed by Schoenberg et al. (1996) :  
C13 = C33 − 2C44                        (3.19) 
C13 = C12                         (3.20) 
In the case of weak anisotropy, minimum horizontal stress is related to Delta parameter 
as expressed in Equation 3.21 (Thomsen, 1986). Since Delta is zero based on ANNIE 
assumptions, the minimum horizontal stress by VTI model using ANNIE assumptions is similar 
to the isotropic solution. To overcome the shortcomings of ANNIE assumptions, Suarez-Rivera 
and Bratton (2009) proposed Equations 3.22 and 3.23 to be obtained from experimental data. 
The stiffness components in Equations 22 and 23 are plotted in Figure 3.16 and 3.17 to obtain ζ  






= (1 − 2
C44
C33
) + δ          (3.21) 
C13 = ζ C33 − 2C44                                   (3.22) 
C12 = ξC13                            (3.23) 
 Following the correlations derived from the analysis of core data and using VTI model, 
vertical and horizontal Young’s moduli and Poisson’s ratios were obtained and the results are 
compared with isotropic solution (Figure 3.18). Dynamic horizontal Young’s modulus is higher 
than the vertical Young’s modulus. Dynamic vertical Young’s modulus is close to isotropic 
dynamic Young’s modulus. Using the dynamic to static ratios given in Table 3.1, the dynamic 
Young’s moduli are converted to static ones. The static vertical Young’s modulus is in the range 




Figure 3.16: Correlation for C13 from experimental data. 
 
Figure 3.17: Correlation for C12 from experimental data. 
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The static horizontal Young’s modulus is in the range of 5 to 6 Mpsi in the lower Eagle 
Ford shale. The dynamic horizontal and vertical Young’s moduli are respectively 6.6 Mpsi and 
5.2 Mpsi at the depth corresponding to the sample B. From Table 3.1 for the ultrasonic 
laboratory measurements, the dynamic Young’s moduli are 5.59 Mpsi and 4.40 Mpsi for the 
horizontal and vertical samples respectively. Therefore, the elastic moduli obtained by the 
ultrasonic wave propagation are less than the sonic results. The difference can be attributed to the 
scale and frequency differences for the two measurement techniques. From frequency point of 
view, Tutuncu et al. (1998) determined that Young’s modulus of ultrasonic measurement is 
greater than the moduli obtained from well logs. Therefore, the difference between these two 
measurements can be results of difference in the scale of measurement.     
 The results of Poisson’s ratio from well logs are illustrated in Figure 3.19. There is a 
distinct increase in the Poisson’s ratio in the boundary between the upper and lower Eagle Ford 
shale. This anomaly can be attributed to the presence of high clay content in this section which 
was detected in Figure 3.5. Using dynamic to static correlations from Table 3.2, the dynamic 
Poisson’s ratio are converted to the static moduli. The static Poisson’s ratios are in the range of 
0.20 to 0.27 in the lower Eagle Ford shale.         
 Finally, minimum horizontal stress is calculated using VTI model and compared with the 
isotropic solution. The minimum horizontal stress calculated by VTI model is almost 300 psi 
higher than the isotropic solution. The minimum horizontal stress is in the range of 6200 to 6900 
psi in the lower Eagle Ford shale using VTI modeling. The clay-rich layer (the bentonite layer) 
in the boundary of upper/lower Eagle Ford shale generates higher minimum horizontal stress in 
this section. Hence, the clay-rich layer can act as a barrier to fracture height growth to the upper 
Eagle Ford shale. The chemical interaction of hydraulic fracturing fluid with the bentonite layer 
can also affect the performance of hydraulic fracturing in the Eagle Ford shale.   
3.3.5. Comparing Compressional Velocity at Various Scales     
 At 1-inch and 3-inch scale, the compressional velocity parallel to lamination is Vp11 
which is similar component of velocity measured by auto-scan. Compressional velocity parallel 
to lamination from well logs can be calculated indirectly using Equations 3.24 and 25. 
Consequently, compressional velocity parallel to lamination can be compared using various 





















                        (3.25) 
 Although auto-scan is conducted in the absence of stress, the results of auto-scan are in 
good agreement with the 1-inch and 3-inch samples at 10 MPa stress. Vp11 from log is higher 
than the auto-scan or core data. This can be due to the scale of measurement, frequency, 
temperature, stress, pore pressure, and correlations used in the well log calculation. Well log 
measure data at larger scale and at lower frequency than ultrasonic frequency applied in the 
experiment. In situ temperature and pore pressure are included in the well log but they are not 
applied in the triaxial experiment.  C12  in Equation 3.24 is obtained from Equation 3.20 which is 
a correlation based on experiments, therefore the well log data indirectly is affected by the core 
data. Therefore, no general conclusion on the higher velocity observed in well log compared to 
the ultrasonic data or auto-scanning data can be made.  
 
Figure 3.21: A comparison of compressional velocity at various scales. 
50 
 
3.4. Effect of Fractures on Geomechanical Properties  
 The purpose of this section is to present how fractures parallel to lamination (either 
natural or induced) can affect the shale mechanical and acoustic properties. One sample with 
fractures parallel to bedding (EF-1-1V) and another sample without any fracture (EF-1-2V) were 
detected by CT-Scan (Figure 3.22). After the first stress cycle at 1,130 psi, the confining pressure 
(Pc) was first increased to 2,260 psi then to 3,390 psi for sample EF-1-1V. The test on sample 
EF-1-2V, however, was ceased after the second confining pressure cycle. Unloading Young’s 
modulus is higher than the Young’s modulus is the loading stress condition (Figure 3.23).  
 Young’s modulus at various axial stresses and confining pressures for these two samples 
are compared in Figure 3.24. At 1,130 psi confining pressure, the Young’s modulus of the 
sample with a fracture is lower than the twin sample without the fracture (both samples are from 
the same depth and have similar mineralogy). However, at around 7,000 psi axial stress and at 
the higher confining pressure of 2,260 psi, the Young modulus of both samples becomes almost 
identical. This behavior can be attributed to the closure of the fracture under higher stress. When 
the fracture is compressed, the fractured sample indicates its intrinsic properties. 
 




Figure 3.23: Comparing mechanical properties of the fractured sample with intact sample. 
However, Young modulus can be slightly lower than the unfractured sample due to the frictional 
sliding at crack faces as discussed by Walsh (1965a) and hysteresis observed in the stress-strain 
behavior by Tutuncu et al. (1995; 1998). In addition, there might be the effect of the minor 
difference between samples that can contribute slightly to the difference between the fractured 
and unfractured samples at high in situ stresses.      
 Poisson’s ratios of these two samples are compared in Figure 3.25. Initially, at low 
confining and axial stress, Poisson’s ratio for the fractured sample is significantly lower than the 
unfractured sample. However, the two Poisson’s ratios approaches each other (slightly higher for 
the fractured rock) as the fracture is closed above the 10,000 psi axial stress and 2,260 psi 
confining pressure applied. The Poisson’s ratio of the fractured rock increases significantly to 
0.35 under the third confining pressure 3,390 psi and the applied axial stress. The Poisson’s ratio 
in these stress condition for the unfractured sample is not measured; however, this degree of 
increase in Poisson’s ratio as a result of confining pressure has not been observed in the other 
samples studied and can be partially attributed to the sliding of one crack surface relative to the 




Figure 3.24: Effect fracture on the Young's modulus. 
 
Figure 3.25: Effect of fracture on the Poisson’s ratio. 
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 The effect of fracture was also investigated using the ultrasonic velocity measurements 
simultaneously. The compressional (Figure 3.26) and shear velocities (Figure 3.27) of fractured 
shale samples show higher increase with the axial stress under the first confining pressure. After 
the fracture is closed as a result of increase in stress, two of the samples tested indicate very 
similar compressional and shear velocities. Shear velocity shows two sets of behavior due to the 
cyclic stresses applied. At low axial stresses, the shear wave velocity is higher in the unloading 
condition than the loading condition. The compressional velocity after the shear failure of the 
sample is also measured and indicates reduction compared to the values before the failure under 
low axial stress when the original fracture was open. Shear velocity is similar to its pre-failure 
stress conditions that might be due to less accuracy in determining the shear velocity in shale 
core samples. The knowledge of post-failure velocities is important for microseismic evaluation 
since it is possible for waves to travel from the event point through the fractured formation to 
reach the wave receiver in the nearby wellbore. 
 




Figure 3.27: Effect of fracture on the shear velocity. 
3.5. Shear Failure of Mancos and Green River Shales     
 The failure mechanism and post-failure behavior of rocks are important parameters in 
microseismic evaluation, well logging analysis, drilling, and hydraulic fracturing. In this section, 
the effect of lamination in Mancos and Green River shale on shear strength and shear failure 
mechanism is discussed.   
3.5.1. Description of Mancos Shale Samples       
 The mechanical and acoustic properties of shales are very sensitive to saturation changes 
in the formation. Therefore, the air dry coring technique was applied to drill the cores. Six core 
plugs at various orientations obtained from a Mancos shale outcrop. The lamination angle is 
defined as the angle between the axial stress direction and the vector perpendicular to the 
lamination plane as shown in Figure 3.28. An inventory of the core samples used in this study 
with their lamination angles are listed in Table 3.3.  No pore pressure was applied in the 




Figure 3.28: Defining lamination angle (β). 
Table 3.3: Inventory of Mancos shale samples for mechanical testing 




M5 0 0 
M4 0 2,000 
M25 25 2,000 
M45 45 2,000 
M60 60 2,000 
MH1 90 2,000 
 
Permeability and CT scans were obtained before the mechanical property measurements. 
The Mancos samples M-4 and M-5 are both vertical samples and have similar permeabilities, 
especially at high confining pressures, while another vertical sample , M-6, indicated several 
orders of magnitude higher permeability even though all the samples were obtained from the 
same interval. The second run of permeability measurements was similar to the first run. CT 
scans showed presence of a micro-fracture in the sample M-6. Therefore, sample M-6 was 
removed from the current study of evaluating the effect of confining pressure on rock strength 
due to the presence of the fracture. 
3.5.2. Compressive Strength and Shear Failure Mechanism of Mancos Shale   
 The strain under the differential stress for all the samples measured for this study is 
shown in Figure 3.29. The radial deformation for the vertical and horizontal samples illustrates 
several deformation steps after the failure. This complex fracturing behavior was due to the 
absence of the shear stress on the lamination planes, thus no preference on fracturing as non-
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sliding failure occurred. The post failure picture, Figure 3.30, displays several major fractures 
which match with the radial deformation readings.        
 On the other hand, only one major shear failure was observed in shales with the 






 as shown by one-step failure on the radial strain in Figure 
3.29 and by post failure sample in Figure 3.31. Sliding along the lamination plane (weakness 
plane) is very clear for the 60
o
 lamination angle sample. These two types of failure mechanisms 
(sliding and non-sliding) was also determined by Tien et al. (2006) using a rotary scanner in 
uniaxial tests. The peak strength was calculated using the stress-strain data and the dependency 
of peak strength on the lamination angle has been presented in Figure 3.32. The minimum 
strength occurred on the sample with 60
o
 lamination angle. The horizontal sample indicated 
slightly higher strength than the vertical core sample. The post-failure strength is also shown in 
Figure 3.32. The post-failure samples have lower strength and a similar trend as pre-failure 
regarding the dependency on the lamination angle.    
 




Figure 3.30: Post-failure fractures in horizontal and vertical samples. 
 




Figure 3.32: Impact of lamination angle on compressive strength. 
3.5.3. Shear Failure of Green River Shale      
 Improving the production of oil bearing source rocks like Eagle Ford shale requires 
determining the sweet spots based on the organic comment and the maturity. To this end, 
comparing the immature Green River shale with a shale oil reservoir is helpful. In this section, 
the mechanical and elastic properties of the vertical core plugs from Green River shale formation 
are discussed.           
 Due to the challenges of having proper shale samples and limited number of sample 
availability, the feasibility of multi-confining pressure tests on shale samples was evaluated. In 
this set of experiments, the axial stress at a constant confining pressure is increased until the 
sample failed. Immediately after the detection of failure on stress-strain diagram in real time, the 
confining pressure was increased and axial stress is applied until another failure at the second 
confining stress is observed and similar procedure was repeated at several confining pressures. 
The advantage of this method is that Mohr circles at several confining pressures can be obtained 
using a single core sample. Since there is higher intrinsic and induced anisotropy in shales, 
introducing an alternative methodology to the use of multiple core samples might help 
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overcoming the uncertainty in using twin samples in the characterization tests. On the other 
hand, as the presence of fracture introduced in the first stress level applied will impact the 
results, there is also some disadvantage of using single sample in the measurements. 
 Sample GR-1VB was first tested under 200 psi confining pressure. The confining 
pressure was then increased to 1,000 psi as soon as the failure was detected. Finally, the 
confining pressure was increased to 2,000 psi after the second failure. Sample GR-1VA, the twin 
sample of GR-1VB, was measured at 2,000 psi confining pressure only. Since the sample GR-
1VB was twice fractured at smaller applied stresses before measuring its compressive strength at 
2,000 psi confining pressure, the effect of induced controlled fracture on compressive strength 
can be evaluated by comparing this sample with GR-1VA. There is 6.4% difference between 
these two approaches for measuring compressive strength (Figure 3.33). Therefore, the multi-
confining pressure test can save time and reduce uncertainty in twin sample selection and could 
be reliable for measuring the compressive strength.       
 Three horizontal core samples from the Green River oil shale were tested at three 
confining pressures (Figure 3.34). Compressive strength increases with increasing of the 
confining pressure. The unconfined compressive strength (UCS) of sample GR-H2A is in the 
range of UCS reported by Lankford (1976).        
 Multi-level confining pressure tests were conducted on the core samples with 45
o
 
lamination angle (Figure 3.35). The compressive strength of 45
o
 sample is lower than the vertical 
and horizontal samples. The compressive strength of horizontal sample is slightly greater than 
the vertical samples.           
 The Mohr circles of horizontal, 45-degree and vertical samples are plotted in Figure 3.36. 
The 45-degree sample show the lowest strength and the horizontal sample show the highest 
strength. The friction angle of the 45-degree sample is the lowest and the horizontal sample has 
the highest friction angle.   
3.6. Comparing Geomechanical Properties of Tested Shales    
 Eagle Ford preserved core samples have been obtained from the oil window interval of 
the Eagle Ford basin in La Salle and Gonzales counties in Texas. Eagle Ford is a mature source 
rock with calcite dominant mineralogy. Mancos outcrop shale samples are quartz rich and have 
5-6% porosity. Green River formation is immature dolomite dominant shale with high total 
organic carbon presence. It is not possible to directly compare the mechanical properties of these 
60 
 
three shales as their maturity, mineralogy, porosity, and texture are different. However, a general 
comparison can be useful.           
 Eagle Ford has the highest Young’s modulus (Figure 3.37). The higher Young’s Modulus 
of Eagle Ford compared to Green River shale can be attributed to the higher organic content of 
the Green River shale, and the higher maturity and overburden of the Eagle Ford shale. The low 
Young’s modulus of the Mancos shale can be attributed to its outcrop state and higher porosity. 
In all of the tested shales, the vertical samples have lower Young’s modulus than the horizontal 
samples.            
 The compressive strength of the entire sample is shown in Figure 3.38. The horizontal 
compressive strength of all samples is higher than the vertical samples. The Eagle Ford shale has 
higher strength but the difference between the Eagle Ford and other shales is low.    
 




Figure 3.34: Stress-strain behavior for the 45° Green River shale sample. 
 




Figure 3.36: A comparison of the Mohr failure envelopes at different lamination angles. 
 




Figure 3.38: A comparison of compressive strength of the three shale samples. 
  
3.7. Conclusions           
 Heterogeneity and anisotropy are characterized in Eagle Ford shales at various scales 
using scanning electron microscopy (SEM) imaging, computed tomography (CT) scanning, and 
compressional velocity scanning. One-inch diameter and 3-inch diameter triaxial testing and well 
log analysis were conducted to obtain geomechanical properties. Moreover, the compressive 
strength and shear failure mechanisms of Mancos and Green River shales are studied as a 
function of lamination angle. The following conclusions can be drawn:    
 1. Some of the Eagle Ford shale samples have foraminifera-rich laminas filled by calcite 
or kaolinite and they are commonly associated with pyrite. The foraminifera-rich laminations 
have higher velocity.          
 2. Due to irregular presence of foraminifera-rich laminations, samples can be 
heterogeneous in 1-inch scale. Therefore, the horizontal, vertical, and 45-degree samples used for 
anisotropic analysis can be different. Dissimilarity of the samples in the three-sample method 
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generates unreliable anisotropic data in 1-inch scale. This impact is less at 3-inch scale as we 
showed by measuring redundant data at 3-inch scale.      
 3. Eagle Ford shale samples with high calcite content (more than 50%) in the more 
homogenous section showed a weak anisotropic behavior (Epsilon=0.14, Gamma=0.12, 
Delta=0.06). Anisotropy increases with the presence of foraminifera-rich lamination.   
 4. The effect of stress on anisotropy is negligible in the samples in the absence of micro-
fractures.            
 5. The static horizontal Young’s modulus (5.0 Mpsi) is higher than the vertical one (3.3 
Mpsi). The static and dynamic data characterize the sample to be stress-independent and almost 
elastic.            
 6. The average of compressional velocity parallel to lamination measured by auto-scan 
agrees well with the counterpart data on 1-inch and 3-inch samples.     
 7. Minimum horizontal stress estimation in Eagle Ford shale was improved with the 
application of VTI modeling instead of the isotropic assumption. The boundary of upper and 
lower Eagle Ford shale exhibits higher minimum horizontal stress due to the presence of clay-
rich layer with higher Poisson’s ratio.        
 8. Mancos and Green River shales exhibit anisotropy in compressive strength. 
Compressive strength is lowest at 60-degree lamination angle. Mancos shale fails by sliding 
mode in the 60-degree lamination angle.         
 9. Mancos shale has the highest strength when the lamination and the axial stress are 
parallel (horizontal sample). The shale failed in several steps in the horizontal sample as 
observed on the strain gauge measurements and post-failure sample observation.    
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CHAPTER 4                                                                                                                   
ANISOTROPY IN TENSILE FAILURE  
 
The objective of this chapter is to determine the effect of anisotropy on the tensile 
strength and tensile fracture pattern of shales. Indirect tensile tests (Brazilian test) were applied 
on several shales at various orientations of lamination or natural fractures with respect to the 
orientation of the applied axial load. Mancos and Green River shales with distinct laminations;  
Niobara, Eagle Ford, Buda and Austin chalk  formations with natural fractures were tested. 
 In Brazilian testing, a rock sample is diametrically compressed until it breaks. The tests 
were done under displacement mode to preserve the sample after the failure. The maximum 
applied force and the post-failure fracture pattern were recorded. In isotropic rocks, the 
maximum tensile stress occurred at the central point of the rock, thus the rock split vertically at 
the center. In the presence of natural fractures or laminations, however, the tensile strength was 
not isotropic. The tensile strength along the lamination or calcite-filled fracture was lower than 
the tensile strength  across the lamination or the  natural fracture. Various patterns for the 
induced fractures was characterized depending on the location, orientation, and strength of 
natural fractures.   
4.1. Introduction           
 Lamination and natural fractures play a critical role in rock tensile failure. Tensile 
strength affects hydraulic fracture height growth (Laubach et al. 2004), and micro-fracture 
generation in the course of oil and gas generation (Al Duhailan et al. 2013). However, very 
limited studies have been conducted on the tensile failure of organic-rich shales (Gale 2008, 
Wang et al. 2013 and Maldonado 2010).        
 Tensile failure mode is critical in the evaluation of geologic processes, drilling and 
hydraulic fracturing operations. From geological perspective, most of the joints, mineral veins 
and dykes are created when the internal pressure is enough to rupture the formation in tension 
(Gudmundsson, 2011). In drilling operations, lost circulation is a costly problem often due to 
unintentional excessive mud inducing tensile fracture. In hydraulic fracturing, a wellbore is 
intentionally pressurized to create tensile fractures for production stimulation from tight 
formations such as shale gas and oil reservoirs.      
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 The minimum effective horizontal stress and tensile strength of the formation should be 
exceeded to propagate a hydraulic fracture. To initiate the fracture, however, the hoop 
(tangential) stress plus the tensile strength of the formation should be exceeded. Hoop stress is 

















                            (4.1) 
Solving Equation 4.1 numerically, hoop stress around a wellbore is shown in Figure 4.1. 
At lower bottomhole pressure, there is compressive hoop stress everywhere around the wellbore 
due to the in-situ compressive stresses. The compressive stress is higher in the direction of the 
minimum horizontal stress. At higher bottomhole pressure, the compressive hoop stress decrease 
and eventually the stresses become tensile in the direction of the maximum horizontal stress. 
When the compressive stress and tensile strength are exceeded, a tensile fracture is created 
perpendicular to minimum horizontal stress.       
 Highest hoop stress is exerted in the direction of minimum horizontal stress and the 
lowest hoop stress is exerted in the direction of maximum stress. As the wellbore pressure 
increases, the compressive stress decreases until it finally vanishes. Besides the concentrated 
compressive stress, tensile strength of the formation should be exceeded to create a tensile 
fracture perpendicular to the minimum horizontal stress.  At the wellbore and in the orientation 
of the maximum horizontal stress (ψ = 0), Equation 4.1 can be simplified to Equation 4.2 to 
obtain the pressure required to break the formation or the breakdown pressure (Pb). 
Pb = 3σh,min. − σh,max. − Pp + T                       (4.2) 
 As a result, tensile strength is required for the design and execution of a hydraulic 
fracturing operation. There are several methods to obtain tensile strength using laboratory and 
field data. In the field, one of the approaches is extended leak off test in which two or preferably 
three cycles of pumping are conducted. In the second cycle, there is already a fracture in the 
formation; therefore, the difference between the breakdown pressures in the first cycle and the 





Figure 4.1: Hoop stress around a wellbore and tensile failure. 
The formation fails at the breakdown pressure (Pb) as fluid pressure exceeds the 
compressive stress and tensile strength of the formation. To decrease the uncertainty in the 
estimation of tensile strength, a third cycle is suggested by Kunze and Steiger (1991). In 
laboratory, tensile strength can be obtained by direct or indirect methods (Figure 4.3). In the 
direct tensile method, one end of the sample is attached to a surface and the other end is pulled 
until the sample breaks. Direct method of tensile test is quite challenging. Hence, an indirect way 
of tensile testing is popular that was originally proposed by a Brazilian engineer Fernando 
Carneiro in 1943 (Jaeger et al. 2007). This test is known as Brazilian test, splitting test, or 
indirect tensile test in which a thin rock sample is diametrically compressed until it breaks. Axial 
load on the diameter cause a lateral tensile stress which finally cause a tensile failure.  
 Although tensile failure is a critical failure mode in various natural geologic processes or 
drilling and hydraulic fracturing operations, tensile strength is usually assumed unimportant 
throughout classical petroleum geomechanics applications (Zoback 2010, Fjaer et al. 2008). One 
of the main reasons is that the tensile strength of rocks is assumed zero or measured very small 
compared to the compressive strength of formations. As described by Fossen (2010), Griffith 
investigated the tensile failure in terms of the energy required to break atomic bonds in 1920s. 
Griffith estimated the uniaxial tensile strength of a flawless rock to be around 1/10 of its Young’s 
modulus, i.e. a rock with 5 × 106 psi (5 Mpsi) of Young’s Modulus should have a tensile 




Figure 4.2: Schematic of an extended leak off or mini-frac test. 
 
Figure 4.3: Schematic view of rock failure in tensile mode.  
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However, experiments show several orders of magnitude lower tensile strength in the 
range of 0 to 3650 psi (Gudmundsson, 2011). Griffith explained this discrepancy between the 
theoretical and experimental results due to the presence of microcracks, pores and grain 
boundaries in rocks and proposed a failure criterion later called as Griffith fracture criterion 
(Equation 4.3).  When normal stress is zero, shear stress is twice the tensile strength magnitude. 
In another words, cohesion equals twice the tensile strength which can be applied to the 
Coulomb failure criterion.  Equation 4.4 is a combination of Coulomb and Griffith criteria which 
can be depicted as Figure 4.4. 
τ2 + 4Tσn − 4T
2 = 0                        (4.3)  
τ = 2T + ϵσn                                     (4.4) 
 The discussion on the tensile failure up to this point was based on the assumption that 
isotropic rock properties resulting in a planar fracture induced perpendicular to the minimum 
horizontal stress. However, the assumption of isotropy is challenged in shale reservoirs due to 
the presence of natural fractures and laminations which might lead to complex fracture network. 
 
Figure 4.4: Combined Griffith-Coulomb criterion.  
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Figure 4.5 shows natural fractures in Niobrara outcrop shale and the concept of complex 
fracture in shale formations. The interaction of induced hydraulic fracture with natural fractures 
is one of the main challenges for improvement in the prediction shale failure and flow behavior. 
Besides the difference between the maximum and minimum horizontal stress magnitudes, tensile 
strength anisotropy is a factor in shaping the hydraulic fracture geometry. When the hydraulic 
fracture reaches the discontinuity, the induced fracture may still propagate straight in the same 
direction or deviate to the natural fracture orientation. Deviating to natural fracture requires 
overcoming higher stress magnitude but lower formation tensile strength compared to the 
straight path. Complex fractures are observed by Blanton (1982), Olson et al. (2012), Bahorich et 
al. (2012), and Suarez-Rivera et al. (2013) in triaxial tests; by Warpinski and Teufel (1987) in 
mineback experiments, by Mayerhofer et al. (2010) on the analysis of microseismic and 
production data; and by Dahi-Taleghani and Olson (2011) with numerical modeling of natural 
fracture interaction with the hydraulic fracture. Moreover, Vejbaek et al. (2013) described the 
critical role of tensile strength in hydraulic fracturing for the North Sea chalk formations and 
Laubach et al. (2004) pointed out that natural fractures are not necessarily aligned with the 
orientation of the maximum horizontal stress as typically assumed.  The results of this chapter 
contribute to the complex fracture theory by providing the effect of natural fractures and 
lamination on tensile strength and tensile fracture pattern in Brazilian testing.    
4.2. Theory and Experimental Procedure of Brazilian Testing     
 The theory and experimental procedure for Brazilian testing of isotropic and anisotropic 
rocks are explained in this section.       
4.2.1. Isotropic          
 The Brazilian test is an ASTM recommended method for the measurement of the tensile 
strength of rocks (ASTM D3967, 2008). Samples with thickness to diameter ratio of 0.2 to 0.7 
are diametrically compressed in the Brazilian test. Servo-controlled load frame was used to apply 
the axial force at the rate of 0.1 mm per minute. As recommended by ASTM, the displacement 
rate was such that the experiments were completed in 1 to 10 minutes depending on the rock 
sample. Displacement rate was preferred over loading rate to better capture the post-failure 




Figure 4.5: Natural fractures in Niobrara outcrop shale and the complex fracture theory.  
 When rock samples are loaded in the Brazilian test configuration, compressional stress is 
generated in axial direction and tension is generated in the horizontal direction. The state of 
stress for isotropic samples can be described using Equations 4.5, 4.6, and 4.7 for the tension in 









































}                                      (4.7) 
The state of stress along the x-axis is expressed in Equations 4.8, 4.9, and 4.10 by 














− 1}                                       (4.9) 
τxy = 0                                              (4.10) 
where, F is the peak axial force, D is diameter, L is the length and R is the radius of the core 
sample. Maximum tensile stress occurs at the center, thus Equation 4.8 can be simplified to 
Equation 4.11 as recommended by ASTM to obtain tensile strength (T). In Equation 4.11, the 
unit of tensile strength is “psi” if the applied load has the unit of “lbf”, diameter and length have 




                                   (4.11) 
For an isotropic sandstone sample with D=1.484 in,  and L=0.840 in, the axial stress/axial 
strain curve is illustrated in Figure 4.6. Stress increase until the sample breaks at 1046.51 𝑙𝑏𝑓 
representing “F” in Equation 4.11. The stress distribution along the horizontal axis is shown in  
Figure 4.7.  As the distance from the center of sample increases, the tensile stress is decreased in 
the horizontal axis. Incorporating the stress in y-direction, the tensile failure should theoretically 
initiate at the center of a circular sample. However, there has been some controversy over the 
physics behind the Brazilian test arguing that induced fracture might initiate at the contact point 
of sample and the loading frame (Fairhurst, 1964).  High speed camera is required to precisely 
locate the fracture initiation point, however, the video record of tensile failure with a 
conventional camera showed that the induced fracture initiation is not at the contact point of 
sample and the loading frame (Figure 4.8). In summary, Brazilian tests were utilized to 




Figure 4.6: Data collected during a Brazilian testing.  
 




Figure 4.8: Fracture initiation of Berea sandstone under Brazilian test.  
4.2.2. Transverse Isotropy and Anisotropy      
 Full anisotropy can be simplified to transverse isotropy when there is an axis of rotational 
symmetry. To study the effect of lamination on tensile failure, samples were drilled parallel to 
lamination. The schematic view of a laminated formation and corresponding samples for 
Brazilian testing is shown in Figure 4.9.  To create horizontal induced fracture, the overburden 
stress and tensile strength along the bedding (TV) must be exceeded while creating vertical 
induced fracture requires exceeding the minimum horizontal stress plus the tensile strength 
across the bedding in the direction of the minimum horizontal stress (Th).    
 The failure of samples in tensile mode was studied at seven orientations on several shale 
core samples drilled parallel to the bedding as shown in Figure 4.9. The orientation is defined as 
the angle between the applied force and the lamination (in two-dimensional view), i.e., T90  is the 
tensile strength of a sample across lamination with 90° between the applied force and the 
lamination plane (similar to Th ). Likewise, T0 is the tensile strength when the bedding plane is 
along the applied force. Thus, it is the tensile strength along the lamination plane ( TV). Equation 
4.11 is derived with assumption of isotropic mechanical properties. However, the failure of 
shales in Brazilian test is complex due to the presence of the natural fractures, and Equation 4.11 
is used for quantitative comparison as discussed by Tavallali and Vervoort (2013). The fracture 
pattern is used to evaluate the effect of fractures and lamination on how shales fail in Brazilian 
test.           
4.3. Tensile Behavior of Isotropic Rocks       
 Three Brazilian tests were conducted on Berea sandstone cores at similar loading rates in 
order to determine the repeatability of tensile test results. Tensile strength of 383 psi, 359 psi and 
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408 psi were obtained with an arithmetic average of 383 psi. Although Berea sandstone has 
greater than 90% quartz content, the samples presented low tensile strength compared to the 
1638 to 2190 psi strength of layered Modave sandstone with high-quartz content (88%)  reported 
by Tavallali and Vervoort (2010 a, 2010 b, 2013). The low tensile strength of the Berea of 
sandstone is mostly due to its high porosity (19-19.3%) compared to Modave sandstone with 2 to 
3.2% porosity. Similarly, the reduction in Brazilian tensile strength with increasing porosity was 
reported by Consoli et al. (2011) for cement-treated soils. Brazilian tests on Berea sandstone 
indicate an increasing trend in tensile strength as loading rate is increased (Figure 4.10). This 
trend is similar to what was also observed by Zhao and Li (2000) and Saksala et al. (2013) on 
granite samples. In contrast, Newman and Bennett (1990) observed no significant effect of 
loading rate, perhaps due to the relatively small range of loading rates. The data in Figure 4.10 is 
more scattered at low loading rate that might be partially related to the lower accuracy of the data 
acquisition at low loading rates. Due to dependency of tensile strength on loading rate, 
experiments were conducted at a constant loading rate.  
 
Figure 4.9: The tensile strength anisotropy in transverse isotropic model.  
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4.4. Impact of Lamination on Tensile Failure       
 Green River oil shale is an immature hydrocarbon source rock and it has distinct 
lamination anisotropy. The effect of lamination orientation on the tensile strength is shown in 
Figure 4.11. The tensile strength along the lamination plane is lower than any other lamination 
directions. The tensile strength at 90 ° (Th) is 1.6 to 1.9 times higher than the tensile strength at 
zero degree (TV). The results of this study are in good agreement with the findings reported by 
Chenevert and Gatlin (1965) and McLamore and Gray (1967) emphasizing that tensile strength 
along the lamination is lower than the tensile strength across the lamination plane. Tensile 
strength generally increases with the increase in the lamination angle; however, it is not possible 
to describe it as a linear increase due to the complex fracture behavior as it will be discussed in 
the description of the fracture pattern. Tensile strength decreased as total organic content (TOC) 
increased similar to the observations made by Chong et al. (1984) on the Eastern US oil shales 
and by Closmann and Bradley (1979) and Youash (1969) on Green River shale.  The 
fracture patterns of Green River shale at various orientations are shown in Figure 4.12. At zero 
orientation (vertical lamination), the induced fracture occurred at the center of the core sample 
indicating the tensile strength along lamination. For the core sample with 15° orientation, the 
slippage on the lamination causes lamination activation. For the sample with 30°, fracture 
changed its orientation between the matrix and the boundary of laminations, perhaps causing a 
mixture of tensile and shears failure. Above 30°, central or non-central fracturing of the matrix is 
observed. Therefore, 0 to 30° is the critical range of orientations to activate the laminations in the 
Green River shale.            
 Mancos shale has 4 to 6% porosity with heterogeneous lamination structure. The tensile 
strength of Mancos shale at several orientations is shown in Figure 4.13. Slight deviation from 
zero orientation presents an increase in the tensile strength. The tensile strength at 90 degree (Th) 
is slightly (1.23 times) higher than the zero orientation (Tv). The repeated Brazilian tests on two 
twin core samples with 90 degree presents repeatable strength with less than 1% error (630 psi vs 
623 psi). The tensile anisotropy in Mancos shale is lower than the tensile anisotropy observed in 
the Green River shale cores studied. Aderibigbe and Lane (2013) reported 970 psi for the tensile 
strength for dry Mancos shale without any discussion on the anisotropy impact on their analysis. 
The fracture pattern of Mancos shale is illustrated in Figure 4.14. Compared to Green River 
shale, the deviation toward lamination is negligible. The lower tensile anisotropy in Mancos 
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shale is partially due to the nature of mixed lamination (bioturbation) in Mancos shale causing 
well interconnected lamination and also low thermal maturity of the outcrop Mancos shale.  
 
Figure 4.10: The dependence of tensile strength of Berea Sandstone on the loading rate. 
 









Figure 4.13: Effect of lamination angle on the tensile strength of Mancos shale samples. 
 
Figure 4.14: Fracture pattern in Mancos shale.  
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4.5. Effect of Natural Fractures on Tensile Failure      
 Natural fractures are common in many shale plays. In this section, the effect of natural 
fractures on the tensile strength and tensile fracture pattern of Niobrara shale, Eagle Ford shale 
and its adjacent formations are determined.    
4.5.1. Niobrara Shale           
 To study the effect of natural fractures on tensile failure of Niobrara shale, samples were 
drilled parallel to the sealed natural fractures (Figure 4.15) and prepared according to the ASTM 
recommended Brazilian tensile test with diameter to thickness ratio of two (ASTM D3967-08). 
The samples were tested at several orientations of lamination with respect to the applied axial 
load (Figure 4.16). The axial force was applied at the rate of 0.1 mm per minute using a servo-
controlled loading frame. The axial force and axial displacement was recorded. Subsequently, 
the tensile strength (or the peak strength) was calculated and the fracture pattern was analyzed.  
 
Figure 4.15: Sealed fractures and induced fractures in Niobrara shale.  
 
Figure 4.16: The Niobrara shale samples used for the Brazilian tests.  
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The horizontal and vertical fractures are compared to the intact core sample obtained 
from the same interval. The tensile strength of matrix, calcite fractures parallel to loading and 
calcite fractures perpendicular to loading are provided in Figure 4.17. Six indirect tensile tests on 
samples without natural fracture (matrix) indicate a central fracturing with an average tensile 
strength of 1381 psi. When the natural fractured samples are aligned parallel to the direction of 
the applied load (vertical sample), the natural fracture and the maximum stress are in the same 
direction, thus the sample fails along the natural fracture with lower stress. These vertical 
natural-fracture samples have an average of 390 psi tensile strength which is one-third of the 
samples without the natural fractures. When the naturally-sealed fracture is horizontal, sample 
fails vertically at the center, thus it crosses the natural fracture. In this case, the tensile strength of 
the rock is similar to the tensile strength of the matrix, 1279 psi in perpendicular fractures 
compared to 1381 psi in the matrix.        
 A second set of samples contained vertical fractures with one-third of radius away from 
the central line. Based on the linear elastic theory with isotropy assumption, the fracture is 
expected to occur along the vertical axis. However, the rock failed along the small vertical 
natural fracture due to the impact of the natural fracture.  The analysis of stress in this sample 
compared with intact sample is shown in Figure 4.18 (linear elastic assumption).  Sample 
without the natural fracture failed at 1012 lbf (491 psi). Therefore, a quarter inch away from the 
center where the natural fracture approximately exists, the tensile stress is about 300 psi 
indicating that the natural fracture tensile strength is 300 psi, similar to the tensile strength 
obtained for a core sample with the central natural fracture.     
 When the natural fracture is 45° from the horizontal axis, as presented in Figure 4.19, the 
rock fails centrally, crossing the calcite-filled natural fracture. Similar behavior happens when 
the angle is more than 45° similar to 90° sample as shown in Figure 4.17. Failure pattern for the 
sample with 15° deviation of natural fracture from the applied load is shown in Figure 4.20.  At 
this angle, induced fracture changes its orientation, failing both in the matrix and along the 
calcite-filled natural fracture. At 65°, a complex fracture behavior occurs as shown in Figure 
4.21. The major large fracture is at high angle with respect to the applied load. As a result, the 
created fracture ignores this sealed fracture as shown in Figure 4.19. However, the induced 




Figure 4.17: Comparing tensile strength of intact samples with calcite fractures.  
 




Figure 4.19: Tensile failure of 45° Niobrara shale sample.  
 




Figure 4.21: Tensile failure of 65° Niobrara sample with low-angle tiny fracture.  
4.5.2. Eagle Ford Shale and the Adjacent Formations      
 There are very limited studies on the tensile failure behavior of organic-rich (mature) 
shale reservoirs. Sierra et al. (2010) studied the tensile strength of Woodford shale and observed 
linear increase in tensile strength with increasing carbonate content. Gale et al. (2007) 
characterized the size, orientation and sealing properties of natural fractures in the cores from 
Barnett shale. Gale and Holder (2008) reported the tensile strength of the Barnett shale applying 
bending test method. The shale samples without fractures showed up to 6411 psi tensile strength 
which was reduced almost to half when a naturally sealed calcite fracture existed in the cores. 
While the trends are agreeable, the tensile strength reported by the bending test method appears 
to be significantly high. They also reported that the samples failed consistently along natural 
fractures, irrespective of the fracture position, however, the results of this study using Brazilian 
tests show the dependency of fracture pattern on the location of natural fracture. Hsu and Nelson 
(2002) studied the tensile strength of Eagle Ford shale from the outcrop of the cancelled 
superconducting super collider site in Ellis County, Texas. The shale samples were composed of 
38 to 88% clay minerals in which 50% belong to the smectite group. This mineralogical 
composition is quite different from the preserved cores containing significant carbonate content. 
The average of tensile strength for 23 core samples was 135 psi. No anisotropy or maturity 
information was reported.          
 Eagle Ford preserved core samples tested in this study are from oil-bearing window of 
the source rock. The rock tensile failure observed in the Brazilian tests is complex due to the 
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existence of natural fractures and heterogeneity. When the lamination is horizontal, the vertical 
induced fracture is observed to deviate toward the lamination (Figure 4.22) and tensile strength is 
593 psi. When lamination is vertical, the failure occurs along the lamination (Figure 4.23) and 
the tensile strength is low and inconsistent for various samples due to the various failure patterns 
(49 psi, 144 psi, 207 psi, 282 psi, 345 psi, and 347 psi). The failure analysis shows distinct 
characteristics for the tensile failure related to the foraminifera layers associated with pyrite 
(Figure 4.24) which discussed in chapter 3.        
 Buda formation underlies the Eagle Ford shale and has recently been a target for oil and 
gas exploration as well. Buda formation also contains extensive natural fractures. Therefore, it is 
not possible to conduct a systematic study due to the nature of heterogeneity in the formation. 
However, intact samples show mostly central fractures with tensile strength of 890 psi (Figure 
4.25), while the samples with natural fractures present lower tensile fracture of 683 psi since they 
fail along the natural fracture (Figure 4.26).         
 Horizontal drilling helped a boom in production from Austin Chalk formation with 
vertical fractures in late 1980s.  The samples measured in this study from Austin Chalk show 
tensile strength values of 751 psi, 725 psi or 846 psi for the failure in the matrix. The natural 
fractures were either away from the center or perpendicular to the applied axial load causing the 
sample to fail in the matrix instead of in the existing natural fracture as shown in Figure 4.27.   
 




Figure 4.23: The tensile failure of the Eagle Ford shale with vertical lamination.  
 
Figure 4.24: Post-failure fracture surface. 
 




Figure 4.26: Tensile failure of Buda sample with natural fracture. 
 
Figure 4.27: Tensile failure of Austin Chalk samples. 
4.6. Conclusions         
 Discontinuities play a critical role in creating a complex fracture network rather than the 
planar fractures typically predicted using the fracture models solely based on the anisotropy in 
in-situ stresses. To investigate the possible contribution of tensile strength anisotropy (impact of 
lamination and natural fractures) and consequent fracture pattern, Brazilian tests were conducted 
using core samples from Berea sandstone, Mancos shale, Green River shale, Eagle Ford shale, its 
overlaying Austin Chalk and the underlying Buda formations and Niobrara shale. Eagle Ford, 
Austin Chalk and Buda samples were preserved core samples in La Salle County while Berea, 
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Mancos, Green River and Niobrara samples are obtained from quarries and/or outcrops.              
 1. Although Berea sandstone has high strength minerals (quartz) and no natural fractures 
or discontinuities, its tensile strength is relatively low due to its high porosity.    
 2. Tensile strength along the lamination was lower than the tensile strength across the 
lamination. The mixture of slippage along bedding and across bedding can occur at 15° or 30°. 
Above 30°, fracturing occurs across the lamination. Therefore, there is a critical angle between 
the lamination plane and the applied force for activation of a fracture along the lamination plane 
in Green river shale. The tensile strength anisotropy is low in Mancos shale due to the 
bioturbation in the lamination and low maturity.       
 3. Tensile strength decreases as the total organic content increases in Green River shale. 
 4. Eagle Ford formation indicates distinct lower tensile strength in comparison to its 
adjacent formations and Green River immature shale. This is partially due to the maturity of 
Eagle Ford shale, thus horizontal micro-fractures are present.       
 5. Tensile failure in Eagle Ford shale oil window occurs along horizontal calcite-filled 
natural discontinuities when the discontinuity is along the applied force.    
 6. Austin Chalk and Buda samples have extensive sealed natural fractures. The tensile 
strength of the sealed fracture is approximately half of the sample without the fracture. At low 
approaching angles (0-30°), natural fractures can be activated in Buda samples.   
 7. Calcite-filled natural fractures have a non-zero tensile strength that is almost one third 
of the tensile strength of the intact Niobrara shale sample. Therefore, the tensile anisotropy needs 
to be considered in the evaluation of hydraulic fractures operations and simulations.   
 8. The tensile strength of horizontal filled-fractures (perpendicular to the applied force 
direction) is approximately the same as the intact samples. When the calcite-filled natural 
fracture is parallel to the applied force direction, the induced fracture occurs along the calcite-
filled natural fracture. When there is slight deviation from being parallel to the applied stress 
(less than 30 degree from the vertical axis), the induced fracture changes its orientation, being 
both along calcite-filled natural fracture and vertically in the matrix. When fracture orientation 
with respect to the horizontal axis is between 45 degree and 90 degree, the sample fails in the 




CHAPTER 5                                                                                                                  
ANISOTROPY IN MATRIX PERMEABILITY 
  
Intrinsic matrix anisotropy due to lamination as well as induced anisotropy due to 
fractures play critical role in the fluid flow in organic-rich shales. The objective of this chapter is 
to determine the effect of lamination and fractures on shale permeability. To this end, five 
methods of permeability measurement will be presented. The impact of lamination, open 
fractures, calcite-filled fractures, partially-filled fractures and heterogeneity on the permeability 
of several shale samples will be discussed.     
5.1. Introduction           
 Permeability is a key petrophysical property that influences the production rate from any 
gas or oil reservoir. Accurate determination of permeability in organic-rich shales is challenging 
due to the ultra-low permeability nature of shales, the presence of lamination, induced and/or 
natural fractures, the sensitivity of fracture permeability to stress and the fluid/rock interaction. 
 Clay particles have tendency to be aligned in parallel orientation, thus flow path 
tortuosity can be decrease in the direction of particle alignment. Well-developed laminations 
originate from quiet and deep anaerobic depositional environment as explained by O’Brien and 
Slatt (1990).  Dewhurst et al. (1999) observed ten orders of magnitude variation in mudstone 
permeability at a given porosity. They attributed this significant variation in permeability at a 
given porosity to the variation in grain size of mudstones. The coarser-grain mudstones are more 
permeable, but the difference diminishes at higher effective stresses by collapse of larger pores.  
Clennell et al. (1999) conducted consolidation test on several artificial clays to examine the 
permeability anisotropy in clays. They concluded that uniaxial consolidation alone produces 
significantly lower anisotropy than the predicted values by the clay alignment models. The 
discrepancy was attributed to the particle clustering and irregularities in particle packing.   
 As described in chapter 1, lamination or fractures are abundant in shales. There are 
different mechanisms for natural or induced fractures in shales. Micro-fractures can be created 
during hydrocarbon generation and expulsion (Berg and Gangi 1999; Lash and Engelder 2005; 
Lewan and Birdwell 2013; Al Duhailan et al. 2013). Regional structural activities can create 
natural fractures (Gudmundsson 2011, Fossen 2010) which are not necessarily aligned with the 
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maximum horizontal direction (Laubach et al. 2004). Fractures can be induced as a result of the 
stress release during the coring; core transfer and core plug preparation for laboratory studies. 
Shales can be fractured in water due to capillary suction of water causing gas entrapment and 
finally tensile fracturing of the shale sample (Schmitt et al. 1994, Mitchell 2001).    
 Kwon et al. (2004) observed significant anisotropy in the illite-rich shale recovered from 
Wilcox formation at low effective stresses. However, permeability became isotropic with the 
increase in the effective stress. This behavior was attributed to the closure of crack-like voids 
parallel to bedding with stress. Bolton et al. (2000) observed permeability anisotropy in fine-
grained sediments that did not show particle alignment using SEM analysis. The significant 
anisotropy was attributed to the parallel microfractures based on mercury-intrusion porosimetry 
data. It is critical to distinguish natural fractures from the induced one as the presence of 
fractures and heterogeneity can have significant impact on the evaluation of laboratory 
permeability data (Kamath et al. 1992; Honarpour et al. 1995; Suarez-Rivera et al. 2012, Sinha et 
al. 2012; Cui et al. 2013).         
 The rapid decline of production from shale reservoirs can be attributed to fracture 
closure, low matrix support or a combination of these two factors. If proppant is not present in 
the fracture, the fracture permeability can be attributed to the fracture width, roughness and the 
fracture displacement. As a result of production, the fracture width can change as it is 
analytically discussed for a single micro-fracture by Bedayat and Dahi Taleghani (2012, 2015). 
Higher sensitivity of fractured medium to stress is one of the main differences between fractured 
media with porous media (Best and Katsube 1995; Walsh 1981; Dewhurst et al. 1999; Bolton et 
al. 2000; Kwon et al. 2004; Petunin et al. 2011; Gudmundsson 2011; Cho et al. 2012; Honarpour 
et al. 2012). Classically, a propping agent such as sand has been used to avoid fracture closure 
(Clark 1949). Similarly in shale reservoirs, closure of micro-fractures without proppants has been 
a concern (Nguyen et al., 2013). On the other hand, equal or better performance with low- 
proppant concentration (waterfracs) compared to classical fracturing in tight formations proposed 
the hypothesis that fractures do not close upon production (Mayerhofer et al., 1997). This 
phenomenon can be attributed to the fracture shear displacement (Fredd et al, 2001 and Kassis 




5.2. Theory and the Experimental Procedure for Permeability Measurement   
 Shale reservoirs have extremely low permeability which make the permeability 
measurement challenging. For instance, the time to saturate a shale sample is significantly higher 
than the time required saturating a conventional core sample as simulated in Figure 5.1. The 
simulation results show that it takes 42 hours to increase the pore pressure of a 1 nD sample from 
5 MPa (725psi) to 6 MPa (870psi) while the sample of 1 D permeability takes 150 µs to apply 
similar pressure increase. In the next section, five methods of measuring permeability are 
explained. 
5.2.1. Steady State Method          
 Steady state method is the routine method to measure permeability of conventional core 
samples. In steady state method, fluid flows through core cross-sectional area as shown in Figure 




                (5.1) 
 In the simulation example in Figure 5.2, the injection velocity is 10−4 m/s, viscosity is 
0.001 Pa × s, the core length is 0.0762 m and the simulation provides the pressure loss along the 
core to be 7620 Pa (1.10 psi). Therefore, the permeability is calculated to be 10−12 m2 (1 Darcy) 
which is exactly similar to the input permeability in the simulation.     
 Since steady state method is significantly time consuming in shales due to extremely low 
permeability, transient methods of permeability measurement have been developed. However, 
steady state method is still useful due to the deficiencies in the other methods and the consistency 
of the results from the steady state method (Bertoncello and Honarpour 2013).  
 5.2.2. Crushed Sample (GRI) Method        
 Due to extremely low permeability nature of shale formations, permeability measurement 
is very time-consuming in such formations. Therefore, crushing the rock sample to small pieces 
was proposed to decrease the experimental time to measure permeability (Luffel et al. 1993). The 
configuration of the crushed sample method (or GRI method) and simulation of fluid flow in this 
experiment is shown in Figure 5.3. The crushed sample is placed in the downstream pressure 









Figure 5.2: Configuration of permeability measurement in steady state method. 
After the upstream pressure is stabilized, the valve between the upstream and 
downstream reservoirs is opened. Gas flow from the upstream reservoir to downstream reservoir 
and diffuses very rapidly to the void spaces in the downstream reservoir followed by gradual 
flow to the crushed core samples until the pressure in both vessels reach equilibrium. Using 
Boyle’s law and constant compressibility factor, porosity can be calculated (Cui et al. 2009) 
using Equation 5.2: 
∅ = [Vup(Pup0 − Pe) + (Vdown − Vb)(Pdown0 − Pe)]/(Pe − Pdown0)Vb                   (5.2) 
 where Vup is the volume of the upstream reservoir, Vdown is the volume of the 
downstream reservoir, Pup0 is the initial upstream pressure, Pdown0 is the initial downstream 
reservoir pressure, Vb is the bulk volume of the crushed samples, and Pe is the equilibrium 
pressure. In simulation of Figure 5.4, the equilibrium pressure is 81.75 Pa (0.0118 psi), while the 
initial pressure is the upstream reservoir is 100 Pa(0.0145 psi) and the initial pressure in the 
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downstream reservoir is 20 Pa (0.0029 psi). Moreover the reservoir volume is 0.0015 m3 and the 
bulk volume is 0.001178 m3. Consequently the porosity is calculated to be 0.103 compared to 
the input porosity of 0.100 (10%) in the simulation. The upstream pressure decline (Figure 5.4) 
can be used to calculate permeability (Cui et al. 2009). However the permeability calculation 
using crushed sample method is a function of crushed sample size as it is determined 
experimentally by Tinni et al. (2012) and the results of permeability varies by different vendors 
(Sinha et al. 2012). The simulation of crushed sample test at two different sample sizes is shown 
in Figure 5.5. The diffusion is faster in the smaller samples since the surface area is higher; 
however, the equilibrium pressure is similar (Figure 5.6). Therefore, permeability calculation 
using crushed sample method is sample-size dependent.   
5.2.3. Pore-Scale Modeling Method       
 With the advances in imaging techniques, it is possible to capture high resolution images 
of small pores in shales using focused ion beam (FIB) SEM (Camp et al. 2013). A FIB SEM 
image of a shale sample is shown in Figure 5.7. The sample can be ion milled to obtain the next 
image; subsequently the stack of these images can be used to create a three-dimensional pore 
network by image analysis. However, these images are in very small scale, so there is uncertainty 
in the upscaling of permeability results from FIB SEM images.     
 When the pore network geometry is constructed, it is possible to do fluid flow simulation 
using computational fluid dynamics (CFD) techniques. The velocity profile of an artificial high-
porosity and unconsolidated core is shown in Figure 5.8. Pressure loss along the core can be 
obtained from this simulation (Figure 5.9) and permeability can be calculated using Darcy law.  
5.2.4. Pulse Decay Method          
 In pulse decay method, there is an upstream and a downstream reservoir and a core 
holder in the middle (Figure 5.10). Initially all three components are filled with gas to reach an 
equilibrium state of 5.0 MPa (725 psi) and a pressure pulse of 0.5 MPa (72.5 psi) is applied to 
the upstream reservoir. Instead of a constant volume upstream pressure pulse, it is possible to 
keep the upstream pressure constant as applied by Metwally and Sondergeld (2011) and Heller et 
al. (2014) for measuring shale permeability. The valve between upstream reservoir and core is 




Figure 5.3: Time-dependent fluid flow in crushed sample method. 
 




Figure 5.5: Effect of crushed sample size on pressure diffusion.  
 




Figure 5.7: FIB SEM image analysis (Right) and pore network (Left) of Eagle Ford shale. 
 





Figure 5.9: Pressure loss in the pore scale modeling. 
Pressure transducers are installed on the upstream and downstream reservoirs to record 
the pressure changes with time. Upstream pressure decrease and downstream increase with time 















                       (5.3) 
 Brace et al. (1968) assumed the terms in the brackets to be negligible and solved 
Equation 5.4 to reach Equation 5.5 to predict the decline of the upstream pressure. Semi 
logarithmic plot of Equation 5.5 should be linear (Figure 5.11) with slope of ϱ to calculate 
permeability by Equation 5.6.  
∂2p
∂2x
= 0               (5.4) 
(pup − pf) = ∆p [(
Vdown
Vup
) + Vdown] e




)                                    (5.6) 
 As a result of numerical simulations, permeability was calculated to be 1.83 × 10−19m2  
(1.85 × 10−7D) which is 8.35% lower than the input permeability in the simulation. The 
discrepancy between the numerical simulation and the analytical solution is due to both the 
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numerical error and the analytical error in the derivation of Equation 5.6. The assumptions in 
Brace equation was addressed by Hsieh et al. (1981) to provide the exact solution.  
 
Figure 5.10: The configuration of pulse decay method and the pressure response with time. 
 




Figure 5.12: Semi logarithmic plot required to obtain permeability by pulse decay method. 
5.2.5. Complex Transient Method        
 In the complex transient method or pressure oscillation method (Fischer 1992; Boitnott 
1997; Bernabe et al. 2006; Song and Renner 2007), upstream pressure is oscillated in sinusoidal 
or stepwise manner and the response in downstream pressure is used to calculate permeability.  
In the simulation in Figure 5.13, the upstream pressure, core pore pressure and the downstream 
pressure are all held constant initially. The upstream pressure is then decreased to 4.5 MPa (623 
psi) and is held constant for a constant period of time. Then, the upstream pressure is increased 
to 5.5 MPa (798 psi) and it is held constant. Finally the upstream pressure is decreased to its 
original value of 5 MPa (725 psi) and it is held constant. The downstream pressure response is 
recorded (Figure 5.14) to history match to obtain permeability. This method is quick and the 
final pressure is similar to the initial pressure, so the next experiment can be immediately started 
without the need to saturate the core again.       
 As permeability decrease, the pressure diffusion decreases, so there is a delay between 
the change in upstream pressure and the downstream pressure response. Moreover, the amplitude 
of the downstream pressure decreases (Figure 5.15). On the other hand, the downstream pressure 
response becomes faster and higher amplitude as porosity decrease (Figure 5.16). One of the 
challenges of this method is to select adequate frequency to run the experiment (Figure 5.17). 
Higher frequency is preferred since it means lower time to complete the experiment. However, 
the downstream pressure respond might not be enough to do data analysis for permeability 
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measurement if the frequency is not low enough.         
 Permeability of a preserved shale sample (Figure 5.18) was measured by complex 
transient method. The experimental data of downstream pressure response was matched with 
simulation data to obtain permeability (Figure 5.19). Consequently, permeability of the shale was 
obtained at several confining stresses up to 44 MPa (6382 psi). Permeability decreases 
logarithmically with the increase of effective stress and permeability is higher in the ascending 
confining stress path compared to the descending confining stress path (Figure 5.20). There is 
hysteresis at low effective stresses which is due to the collapse of soft pores or micro-fractures in 
organic-rich shales. On the other hand Berea sandstone has high permeability in the range of 
hundred milli-Darcy and the hysteresis is negligible (Figure 5.21) compared to the shale sample 
in Figure 5.20.      
 




Figure 5.14: The upstream and downstream pressure behavior in complex transient method. 
 




Figure 5.16: Effect of porosity on pressure response in complex transient method. 
 





Figure 5.18: A preserved black shale sample for complex transient permeability testing.  
 




Figure 5.20: Hysteresis in the matrix permeability measured by complex transient method. 
 
Figure 5.21: Permeability hysteresis in Berea sandstone.  
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5.3. Permeability Anisotropy in Mancos Shale       
 Several vertical samples (M1, M2, M3, M5, and M6), one 45-degree sample (M45) and 
one horizontal sample (MH1) were drilled in the Mancos outcrop shale block (Figure 5.22). Air 
drilling technique was used to avoid the shale/water interaction issues. Pulse-decay method by 
CMS 300 apparatus was used to measure the porosity and permeability of Mancos shale. 
Porosity is in the range of 4 to 6% (Figure 5.23). The variation between the porosity of the 
vertical samples shows the heterogeneity of the samples. The porosity of Mancos shale samples 
are slightly stress-dependent.         
 Permeability results for all the Mancos shale core samples are shown in Figure 5.24. It is 
evident that sample M6 demonstrates several orders of magnitude higher permeability than other 
shale core samples. To investigate the cause of this anomaly, CT scan images of sample M6 and 
M5 were obtained. A fracture perpendicular to lamination was detected on the CT scan for 
sample M6 (Figure 5.25) which was not detectable by naked eye. The width of the fracture is 
roughly 156 micro-meter. No fracture was detected for sample M5 by CT scan at similar 
resolution. Therefore, it is due to the presence of the micro-fracture in sample M6 causing one 
order of magnitude higher permeability compared to the twin vertical samples.  
 




Figure 5.23: Porosity of Mancos shale samples.  
 




Figure 5.25: Vertical fracture in one of the Mancos shale samples (M6). 
 Excluding sample M6 with micro-fracture, it is possible to investigate the effect of 
lamination and heterogeneity on the permeability of the Mancos shale (Figure 5.26). All the 
vertical samples except sample M3 shows lower permeability than the horizontal sample. All the 
shale core samples exhibit exponential decline in permeability with the applied effective stress.  
k = k0 e
−χ×σeffective                                         (5.7)   
      where χ varies between 0.0002 to 0.0006 for the intact Mancos shale samples.   
 Due to the heterogeneity observed in the vertical samples, it is not possible to make a 
general statement on the dependency of permeability on lamination angle. However, the trend in 
Figure 5.27 can be made if sample M5 is chosen as the representative of the vertical samples. 
Horizontal permeability is higher than the vertical permeability. The horizontal to vertical 
permeability ratio at a constant effective stress state varies between 3.9 and 4.4 using M5 sample 
as the representative of vertical samples. The anisotropy is smaller between 1.27 and 2.77 when 
the horizontal core sample permeability are compared to the M1 vertical core sample 
permeability. The 45-degree core sample shows lower permeability than horizontal sample but 
higher than the vertical sample. Higher resolutions of CT-scans were used to characterize the 
pore structure in Mancos shale (Figure 5.28). The higher resolution CT scan shows the connected 
pore spaces in Mancos shale which results in high permeability of Mancos outcrop shale ( in the 




Figure 5.26: Permeability of Mancos shale sample excluding sample M6. 
 
Figure 5.27: Effect of lamination on permeability of Mancos shale (sample M5 was used as the 




Figure 5.28: CT scan image of one of the Mancos shale samples. 
 
5.4. Permeability Anisotropy in Eagle Ford Shale      
 The porosity and permeability of the preserved Eagle Ford shale samples were 
determined using pulse decay method by CMS 300. Since the samples were tested as received, 
the permeability and porosity results are not absolute values considering the presence of oil in 
the pores. The results of gas permeability are shown in Figure 5.29. Horizontal permeability is 
higher than the vertical permeability at low effective stress state but the difference between 
horizontal and vertical permeability decreases as the effective stress increases. A micro-fracture 
parallel to the bedding plane was identified as shown in Figure 5.30 that could explain the higher 
permeability of the horizontal samples in comparison to the vertical at low effective stress. 
Higher resolution fractures can be also identified in SEM imaging analysis (Figure 5.31). 
Fracture path usually deviates when approaching foraminifera since foraminifera have higher 
strength. Fractures can also terminate when reaching a foraminifera. These two phenomena cause 
tortuous paths for micro-fractures in Eagle Ford shale which can subsequently affect the 




Figure 5.29: Permeability of all the Eagle Ford shale samples. 
 




Figure 5.31: Impact of foraminifera on fracture path detected by SEM images. 
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5.5. Impact of Calcite-Filled Fractures on Permeability      
 The permeability and porosity of three types of Niobrara shale samples were tested. The 
samples include intact samples in the absence of fractures (matrix), samples with small calcite-
filled fractures, and samples with large calcite-filled fractures which can be partially-filled 
(Figure 5.32).           
 The porosity of the samples is in the range of 4-6%. The porosity initially decreases with 
the applied hydrostatic stress from 1000 to 2000 psi and it is fairly constant afterwards (Figure 
5.33). The permeability of the samples are shown in Figure 5.34. The permeability of the intact 
samples and samples containing small calcite-filled fractures are similar in the range of 0.001 md 
showings almost no contribution of the calcite-filled fracture to flow. On the other hand, the 
permeability of the partially calcite-filled fracture is almost one order of magnitude higher than 
the matrix or the calcite-filled fracture. This indicates that calcite filled fractures might contribute 
to flow slightly if the width of fracture is large and they are partially filled. Similarly, slight 
contribution of calcite-filled fractures was reported for Mesaverde formation by Morrow et al. 
1990. Permeability of matrix, calcite-filled fractures and partially-filled fractures decline 
exponentially with effective stress. The decline is higher in the partially-filled fracture.    
 




Figure 5.33: Pre-failure porosity of the Niobrara shale samples. 
 
Figure 5.34: Pre-failure permeability of the Niobrara shale samples. 
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5.6. Conclusions           
 Five methods of permeability measurement in shale samples was simulated and reviewed 
in this chapter and the following conclusions are drawn accordingly.    
 1. Based on numerical simulations, the permeability measured by crushed sample method 
is size-dependent.            
 2. Complex transient method was simulated to measure shale permeability in Nano-Darcy 
range. Complex transient method is fast method to measure shale permeability as an alternative 
to common pulse decay method. The effect of frequency, porosity and permeability on the 
pressure response in complex transient method was discussed.     
 3. Mancos shale has intrinsic permeability anisotropy due to lamination. Due to 
heterogeneity in Mancos shale, it is challenging to make a conclusion on the impact of 
lamination angle on permeability when three oriented samples are used.    
 4. Undetected induced fractures can be source of error in shale permeability 
measurements. CT scanning is essential to make sure that the reported permeability is true matrix 
permeability rather than fracture permeability.        
 5. There is significant hysteresis in shale permeability due to the collapse of soft pore or 
micro-fractures in organic-rich shales.        
 6. Extensive micro-fractures are detected by SEM imaging in Eagle Ford shale. The path 
of micro-fractures usually deviates or terminate when they approach foraminiferas. The path 
deviation or termination increases the tortuosity of the micro-fractures in Eagle Ford shale, thus 
it can impact the permeability of Eagle Ford shale.        
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CHAPTER 6                                                                                                            
ANISOTROPY IN FRACTURE PERMEABILITY 
 
Contrary to cubic law assumption, real fracture surfaces have some degree of roughness 
which affects fracture permeability and the anisotropy in fracture permeability.  Incorporating 
the effect of roughness can improve the simulation of fluid segregation in a fracture, proppant 
transport and proppant efficiency in fracture, fluid transport in faults and production forecast.  To 
investigate the effect of roughness on fluid flow, fractures were created in a Granite and Niobrara 
shale samples using Brazilian testing and the roughness was measured utilizing a laser 
profilometer. Numerical simulations were conducted on the discretized geometries obtained from 
the experimental roughness measurements. Numerical and experimental results of fracture 
permeability in the granite and shale samples are discussed. The water and gas fracture 
permeability are compared in the Granite and Niobrara shale with calcite-filled fracture.      
6.1. Introduction           
 The classical approach in simulating the fluid flow within a single fracture, Cubic Law, is 
based on the assumption that fractures are represented as two infinite parallel plates (Huitt, 1956; 




                                                (6.1) 
where “w” is fracture aperture or fracture width, “h” is the fracture height, “L” is the 
fracture length, "μ" is the fluid viscosity, “q” is the flow rate, and "∆p" is the pressure loss in the 
direction of flow (Figure 6.1). Fracture aperture is usually called fracture width in reservoir 
engineering literature since fractures are typically vertical as shown in Figure 6.2. The same 
terminology is used throughout this paper although the fractures in the experimental and 
numerical studies in this chapter are horizontal.       
 Contrary to the assumption in the parallel plate theory, the surfaces of natural or induced 
fractures are not smooth and have some degree of roughness. Barton and Choubey (1977) 
designed a tilt test to estimate the fracture roughness. In this test, pairs of fractured surfaces were 
mated and the sample was tilted until sliding occurred. Based on this test, Joint Roughness 
Coefficient (JRC) was introduced. JRC is a dimensionless coefficient which varies between 0 in 
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smooth fracture to 20 in extremely rough fracture. Moreover, the provided roughness can be used 
for visual comparison to determine the fracture roughness.  Barton et al. (1985); Olsson and 
Barton (2001) developed a correlation between the JRC values to the conductivity of fractures. 
Obtaining hydraulic aperture from fluid flow tests, they compared the hydraulic aperture with the 
average point to point distance between the two fracture surfaces (mechanical aperture). Ratio of 
hydraulic aperture to mechanical aperture goes up to 7 at high JRC values. Witherspoon et al. 
(1980) conducted laboratory investigation on several samples with the aperture in the range of 
250 μm down to 4 μm and found the cubic law valid.  To simulate the effect of roughness, 
Brown (1987) generated rough surfaces by fractal models and concluded that the flow rate in 
fractally rough fractures is 70-90% of the parallel plate model. In the field, fracture aperture can 
be determined from electrical image logs such as FMS (Formation MicroScanner) and FMI 
(Fullbore Formation MicroImager). If the fracture is filled with drilling fluid and the drilling 
fluid is conductive, fractures can be detected as dark appearance in image log since the resistivity 
is low as determined in Asmari formation by Khoshbakht et al. (2009).Comparing the FMS data 
with core data, Khoshbakht et al. (2012) determined that the fracture aperture from core is in 
agreement with the open fractures detected by FMS but the FMS log cannot detect the filled 
fractures observed in the core. Moreover, electrical logs are not applicable in detecting fractures 
filled with oil-based mud or clean water since these fluids have high resistivity and electric logs 
are not able to distinguish between high-permeability open fractures with low-permeability 
gouge-filled fractures (Nakashima and Kikuchi 2007). To overcome some of these shortcomings 
of electric logs, Nakashima and Kikuchi (2007) proposed using nuclear magnetic resonance well 
logging to estimate the aperture of water-saturated fractures.     
 According to cubic law, fracture permeability approaches zero when fracture aperture 
approaches zero. Although fracture permeability decreases as a function of stress (Jones 1975, 
Gangi 1978, Walsh 1981), experimental fluid flow tests and field tests in deep wells show that 
there is a residual permeability even at high stress (Pyrak-Nolte et al. 1987, Capuano 1993, 
Durham 1997, Durham and Bonner 1994).  Gutierrez at al. (2000) dissolved the cemented 
natural fractures with a strong acid and conducted permeability measurements on the created 
fractures. They concluded that fractures are conduits of flow even at high stresses unless they are 
closed by cementation. This behavior can be attributed to limited contact area between asperities 
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propping the fracturing open as measured by pressure sensitive films by Nemoto et al. (2009) or 
the partial cementation of fractures as discussed by Marrett et al. (2007).   
 
Figure 6.1: Geometry of a parallel plate three-dimensional fracture. Flow is in “X” direction.  
Early in the development of naturally fractured reservoirs, it was recognized that 
fractures have several orders of magnitude less resistance to flow compared to the rock matrix, 
thus fractures significantly affect  the production or injection flow paths and the recovery (Elkins 
and Skov 1960, Warren and Root 1963, Snow 1969). Significant difference between the 
permeability in the fault-normal direction with fault-parallel direction was determined by Jourde 
et al. (2002) and Ahmadov et al. (2007). Therefore, fractures bring about anisotropy (direction 
dependency) into the fluid flow which is critical in reservoir development plans, fluid flow in 
faults and seal integrity for geo-hazard risk assessment.     
 Besides this extrinsic effect of fractures on the permeability anisotropy in the reservoir, 
there is intrinsic fracture permeability due to the topographic characteristic of a fracture which is 
not developed as well as the extrinsic fracture permeability. To clarify the extrinsic anisotropy 
from intrinsic fracture anisotropy, 𝑘𝑥, 𝑘𝑦 , and  𝑘𝑧 are defined in Figure 6.2. If the matrix has 
ultra-low permeability, there can be significant difference between the permeability 
perpendicular to the discontinuity (𝑘𝑦) and the permeability parallel the discontinuity (𝑘𝑥). This 
is called extrinsic anisotropy in this study.       
 Based on parallel plate theory, there is no difference between flow inside a fracture in “x” 
and “z” directions (excluding the gravity effect). However, fractography analysis shows that 
some fractures have special patterns such as plumose (Bahat and Engelder 1984, Aydin 2000, 
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Savalli and Engelder 2005), thus the rough topography of a fracture can make the flow in one 
direction preferential than the other direction. The difference between permeability inside the 
fracture in “x” and “z” directions due to roughness in Figure 6.2 is called intrinsic fracture 
permeability.           
 Moreover, outcrop studies on fault surfaces by Power et al. (1987) displayed that the 
roughness of fault surface is higher perpendicular to the slip direction than the roughness in the 
direction of slip which is attributed to the higher roughness wear in the direction of the slip.  
Fractal studies by Thompson and Brown (1991) and Meheust and Schmittbuhl (2001) showed 
that fracture topography can cause anisotropy in fracture permeability. Experimental studies by 
Gentier et al. (1997) and Meheust and Schmittbuhl (2000) determined the anisotropy in fracture 
permeability. Shear displacement can affect fracture permeability anisotropy as discussed by 
Kim and Inoune (2003), Yeo et al.(1998) and Auradou et al.( 2005)  by analytical, experimental, 
and numerical (on self-affine generated roughness) approaches, respectively.    
 To simulate the fluid flow in realistic fracture geometries, it is possible to characterize 
fracture topography by optical (Ameli et al. 2013), confocal laser scanning (Chae et al. 2004), or 
X-ray computed tomography (Crandall et al. 2010). Nazridoust et al. (2006), Crandall et al. 
(2010), Rasouli and Hosseinian (2011) applied computational fluid dynamics techniques for 2-
dimensional simulation of the fluid flow in fractures on CT-scanned geometries.  
6.2. Theory of Fluid Dynamics in a Single Fracture 
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Figure 6.2: Defining extrinsic and intrinsic fracture permeability in reservoir scale.  
where ρ is fluid density, t is time, vx, vy, vz are velocity components in “x”, “y” and “z” 
directions, p is pressure, μ  is fluid viscosity, gx, gy, gz are gravitational constants in “x”, “y” 
and “z” directions. Since there is only flow in “x” direction in parallel plate scenario and with 
the assumption of fully developed laminar flow of incompressible fluid, infinite fracture height, 









]                                                (6.5) 
Since the velocity is maximum at the center of the flow profile,  
∂vx
∂z
= 0 at the center 




z2 +M                                       (6.6) 
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where “L” is the length of the fracture and “M” is a constant. By applying no-slip 
boundary condition at z=∓w/2, (“w” is fracture width) velocity profile can be obtained using 









]                                                            (6.7) 
This no-slip boundary condition is applicable here, yet it may not be applicable in other 
rocks like the oil-wet fractures as discussed by Lee et al. (2013). Since it is assumed that velocity 
does not change in “y” direction, integral of the velocity over cross section provides Equation 6.8 
known as cubic law and The flow rate can be also calculated from Darcy’s law (Equation 6.9) 












                                                              (6.9) 
 where "k" is permeability, A is cross sectional area, ∆p is pressure loss along the fracture, 
and "q" is flow rate. Combining Equations 6.8 and 6.9, the fracture permeability (kf) can be 




                                                         (6.10) 
One of the assumptions throughout the literature is that fracture height is infinite, thus 
velocity merely changes with the fracture width. In other words, velocity is not a function of the 
fracture height.  However, as shown in Figure 6.3, the velocity can change along fracture height 
when fracture height is limited such as in the laboratory core measurements. As a result, 
Equation 6.5 should be modified to Equation 6.11 to accommodate the velocity change with the 
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To convert Equation 6.11 to Laplace equation, Equation 6.12 can be used (Papanastasiou 
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As a result, Equation 6.11 can be written in the form of Laplace equation with 













= 0  when z = 0
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 Equation 6.13 can be solved using the separation of variable method which finally 
provides pressure loss in a three-dimensional fracture as presented in Equation 6.14 
(Papanastasiou et al. 2000; White 1991) and the approximating on the series by its first term 
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Comparing the 3D solution in Equation 6.15 with the classical parallel plate solution in 
Equation 6.8 is provided in Figure 6.4. The effect of lateral boundary condition is negligible 
when fracture aperture is small and the fracture height is large. However, neglecting this effect in 
the simulation of the fluid flow in a fracture within a core sample with small fracture height can 
introduce some errors. For instance, pressure loss is 20% higher in 3D modeling (incorporating 
lateral effect) when the fracture height to length is 0.5 (as it is usually in experimental studies) 




Figure 6.3: Comparing the velocity profile of cubic law with the no-slip boundary condition. 
 
Figure 6.4: Comparing the pressure loss in cubic law with the no-slip solution. 
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Reynolds number (Re) provided in Equation 6.16 is used to check the flow regime in 
fractures simulated as parallel plates (Ranjith and Viete, 2011; Ranjith and Darlington, 2007). 
However, one should consider that the transition to turbulent flow occurs at much lower 




                        (6.16) 
6.3. Measurement of Fracture Roughness       
 A central fracture was created by applying Brazilian test on an igneous core sample with 
the density of 2957 kg/m3. The two surfaces of the created fracture were scanned using laser 
profilometer. The vertical resolution of the profilometer was 0.0001 mm and the lateral 
resolution was set to 0.5 mm. The topography of the bottom surface of the fracture is depicted in 
Figure 6.5. Fracture asperity varies up to 4.5 mm with a valley almost in the middle. The 
frequency of asperities height is given in Figure 6.6. The measured upper surface of the fracture 
does not completely match the lower surface (Figure 6.7). Therefore, in the simulations, 
“Matched’ surfaces refer to fracture geometry created by using the surface topography of the 
bottom surface for both bottom and top surfaces. On the other hand, an “Unmatched” fracture 
refers to fracture geometry created by using the measured topography for both top and bottom 
surfaces. Fractures can be completely closed in the case of “Matched” surfaces but there are 
points of contact in the “Unmatched” surfaces that prevents the complete mechanical closure of 
the fracture as shown in Figure 6.7.        
 Similarly, fractures were created in Niobrara shales samples using Brazilian testing 
(Figure 6.8). Sample F1A has a central fracture in the center of the calcite-filled fracture. Sample 
F2A is fractured in the boundary of the matrix and the calcite-filled fracture. The topography of 
fracture surface of both samples is shown in Figure 6.9 and the frequency of asperities height for 
sample FlA and F2A are shown in Figure 6.10 and 6.11 respectively. Both Niobrara shale 
samples show less surface height variation than the granite sample. In other words, the Niobrara 
fractures are smoother than the granite sample. The fracture surface is also more uniform in the 





Figure 6.5: Topography of the bottom surface of the granite fracture. 
 




Figure 6.7: The created fracture geometry for the granite sample.  
 










Figure 6.10: The frequency of fracture topography height of Niobrara F2A sample. 
 
Figure 6.11: The frequency of fracture topography height of Niobrara F2A sample. 
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6.4. Experimental Measurement of Fracture Permeability     
 In this section the experimental results of fracture permeability in a granite samples and 
two Niobrara shale samples will be presented. 
6.4.1. Fracture Permeability of Granite       
 After obtaining the fracture roughness, the experimental flow test was conducted on the 
granite core sample. The core sample was held in a cell to apply hydrostatic confining stress as 
shown in Figure 6.12. The piston in the left pump moves upward to apply the designated flow 
rate while the right piston moves down to receive the injected fluid at the applied flow rate. The 
flow test was conducted at several confining stresses at a constant flow rate. The plot of injected 
volume as a function of time at 7 MPa (1015 psi) confining test is shown in Figure 6.13. The 
slope indicates the designated flow rate. The steady state test was performed using Argon at pore 
pressure of 5 MPa (725 psi). After permeability measurement with Argon, fracture permeability 
was measured using water. The pressure is measured at the inlet and outlet of the core sample 
with 0.02 MPa (2.9 psi) fluctuations. Since the matrix permeability of the sample is in the range 
of nano-darcy (~10−21m2), the effect of matrix in fluid flow is negligible. To calculate effective 
stress, confining stress was subtracted from the pore pressure assuming the effective stress 
coefficient to be one. Applying the Darcy equation, fracture permeability was calculated at 
different effective stresses. It should be noticed that the core inlet cross sectional area was 
applied in the Darcy law to obtain the permeability. As explained by Jones (1975), this is called 
mean permeability. Fracture permeability can be obtained by applying the fracture inlet area into 
Darcy’s law or fracture permeability can be obtained when mean permeability is divided by 
fracture porosity. However, fracture porosity is usually extremely low to be measured accurately. 
 There is a good correlation (R Squared of 0.98) between the mean permeability and the 
logarithm of effective stress (Figure 6.14). Initially there is significant reduction in permeability 
probably due to the reduction in fracture aperture. At higher stresses, the asperities of the top 
fracture surface and the bottom surface have already contact each other. Therefore, the limited 
reduction in the permeability at higher stresses can be attributed to the asperities deformation. 
Due to asperities limited contact points avoiding fracture closure, the fracture permeability is 
several orders of magnitude higher than the matrix permeability even at high stresses. The 
permeability measured with water is similar to the permeability measured by gas in the granite 
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fractured sample. This shows that Klinkenberg effect is negligible at the high fracture 
permeability encountered in the granite sample.   
 
Figure 6.12: Schematic of the experimental set up used in measuring fracture permeability.  
 




Figure 6.14: Comparing granite fracture permeability with gas and water.  
6.4.2. Fracture Permeability of Niobrara Shale       
 The difference between water and fracture permeability has been critical issue in 
evaluating underground repository for disposal of radioactive waste in argillaceous formations. 
The experimental results of Zhang (2011, 2013) and Davy et al. (2007) show that fracture 
permeability with water is significantly lower than fracture permeability with gas. De La 
Vaissiere et al. (2015) compared gas and water flow in an excavation-induced fracture network 
for the evaluation of radioactive waste repository in clay rock. They determined self-sealing of 
the fractures with water in the in-situ rock experiment. Portis et al. (2013) studied pressure 
communication between several wells in Eagle Ford shale. They observed reduction in pressure 
communication between wells over time. Vincent and Besler (2013) reviewed the factors 
affecting the sharp decline of production from shale reservoirs and explained the critical role of 
loosing fracture coductiviting as a major factor.     
 Permeability of Niobrara shale samples (F1A and F2A) containing calcite filled-fractures 
were obtained as discussed in Chapter 5. Then tensile fractures were created in the samples using 
Brazilian method. The permeability of Niobrara fractured samples were measured using the 
confining stress program shown in Figure 6.15 and Figure 6.16 for sample F1A and F2A 
respectively. In the first ascending stress path with Nitrogen as pore fluid, the confining stress is 
132 
 
increased up to 55 MPa (7977 psi) followed by the reduction of confining stress from 55 MPa 
(7977 psi)  to 2 MPa (290 psi) . Similarly, the stress is again increased to 55 MPa (7977 psi) 
followed by the stress reduction to 2 MPa (290 psi). Similarly but at lower confining stresses, the 
ascending and descending cycles of confining stresses were applied when water was the pore 
fluid. In the case of F2A sample, there was a long period of equilibrium time after introducing 
water due to water imbibition to the matrix. Once the pore pressure stabilized, the permeability 
was measured with water up to 25 MPa (3626 psi) effective stress.      
 The results of permeability measurement of sample F1A and sample F2A are shown in 
Figures 6.17 and 6.18 respectively. Both sample show logarithmic decrease in permeability with 
the increase in the effective stress. There is significant hysteresis in the first increasing stress 
path compared to the first decreasing stress path, but the hysteresis is negligible in the following 
stress cycle. The hysteresis in the first cycle can be attributed to the deformation of asperities. In 
the second cycle, the asperities are already deformed, thus the hysteresis in the second cycle is 
negligible since the asperities are already deformed.       
 There is significant difference between the fracture permeability using water with the 
fracture permeability using gas in the Niobrara shale sample. In sample F1A, the fracture 
permeability with water reduces to the gas permeability prior to fracturing. In sample F2A, the 
fracture permeability with water is even lower than the sample gas permeability prior to 
fracturing. In sample F2A, there is more imbibition of water to matrix as one side of the fracture 
is matrix and the other side is calcite fracture. In the Granite sample, there was no difference 
between water and gas permeability in the applied pore pressure. In the Niobrara samples, there 
is significant reduction in permeability with water compared to gas. This observation can 
partially explain why most of the pumped water in hydraulic fracturing is not produced back. 
Part of the injected water is imbibed to matrix and partially the water is trapped in the fracture as 
the effective stress is increased with time. It should be noticed that the induced fracture in sample 
F1A is inside a natural calcite sealed fracture. Sample F2A is in the boundary of matrix which is 
also 86% calcite and 5% illite. Therefore, clay swelling is not the main phenomenon causing the 
reduction in fracture permeability in the Niobrara samples. However, the lower water fracture 
permeability of sample F2A can be attributed to the illite presence in sample F2A. 
 Klinkenberg (1941) determined that the permeability of porous media by gases is linear 
function of the reciprocal mean pressure. This phenomenon was attributed to the slippage of gas 
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molecule of the wall which is related to mean free path of the gas molecules. Therefore, 
Klinkenberg corrected permeability can be obtained by extrapolating the gas permeability to 
infinite pressure.  
 kg = k∞ (1 +
b
P
)          (6.17)
 where  k∞ is the gas permeability at high pressures in which Klinkenberg effect is 
negligible, kg is the gas permeability, “ b” is the Klinkenberg factor which depends on pore 
structure and temperature of the medium. Klinkenberg factor is higher in the lower permeability 
rocks (Jones 1972) and the typical values of Klinkenberg factor are provided by Wu et al. (1998). 
The typical values of Klinkenberg factor is about 0.57 psi for gas permeability in Darcy range, 
6.89 psi for gas permeability in milli-Darcy range and 110.23 psi for micro-Darcy permeability 
rocks. The gas permeability in the Niobrara shale matrix (prior to failure) is in the micro-Darcy 
range as shown in Figure 6.17. Similar to the typical values reported by Wu et al. (1998), 
Klinkenberg factor was calculated to be 185.23 psi at 1000 psi of effective stress which 
eventually increased to 221.56 psi at 5000 psi. As a result, liquid permeability (the Klinkenberg 
corrected permeability) is 64% to 67% lower than gas permeability depending on the effective 
stress at shown in Figure 6.17.         
 The gas permeability of the fractured shale is in the range of milli-Darcy, so Klinkenberg 
factor is much lower as reported by Wu et al. (1998). The calculated Klinkenberg factors values 
for sample F1A increase from 2.97 psi at 1000 psi effective stress to 28.38 psi at 5000 effective 
stress. The effect of these Klinkenberg factors on permeability correction is negligible at low 
effective stresses as shown in Figure 6.17. The Klinkenberg factor in the fractured shale increase 
with the increase in effective stress, thus there is more reduction in the corrected permeability as 
effective stress increase. At low effective stress, the water and gas fracture permeability are very 
similar as shown in Figure 6.17 which confirms the negligible impact of Klinkenberg at low 
stresses in a fractured sample. However, there is significant reduction in water permeability at 
1500 psi of effective stress. This phenomenon can be attributed to the surface of the Niobrara 
shale sample which is very smooth, the water interaction with the surface of the shale fracture 




Figure 6.15: Fracture permeability measurement in Niobrara sample F1A. 
 




Figure 6.17: Comparing permeability of Niobrara shale sample F1A with gas and water.  
 
Figure 6.18: Comparing permeability of Niobrara shale sample F2A with gas and water. 
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6.5. Numerical Generation of Fracture Geometry     
 The granite fracture geometry was discretized for the numerical fluid flow simulation. 
Various scenarios for simulation are presented in Table 6.1. The 3D meshed geometry of the 
unmatched surfaces is illustrated in Figure 6.19 and the boundary conditions are explained. Due 
to computational limitations, the simulated fracture apertures do not include asperities contact. 
Therefore, the simulations are based on merely fluid dynamics in the fracture and the mechanical 
deformations of asperities are not included. Moreover, there are no proppant in the fractures.  
The 2D meshed geometry of the matched surfaces is illustrated in Figure 6.20. The 2D and 3D 
simulations were conducted both in longitudinal (X) and transverse (Y) directions. The 3D 
meshed geometry of the Niobrara fracture (sample F1A) is illustrated in Figure 6.21. Compared 
to the Granite sample, the Niobrara shale sample is much smoother.      
 The computational modeling was conducted on the matching and unmatching surfaces at 
a constant flow rate and the pressure loss was obtained. Mean mechanical aperture is the average 
of the physical distance between the top and bottom surfaces of a fracture. The hydraulic 
aperture in Equation 6.17 and fracture permeability by Equation 6.18 were calculated by 
rearranging Equations 6.8 and 6.9 respectively. Since the inlet cross-sectional area of the fracture 









                                   (6.18) 
Table 6.1: Various scenarios used in the numerical simulation runs of the granite study 
Case No. Top/Bottom Surface Dimension Flow Direction 
1 Matched 2D X 
2 Matched 2D Y 
3 Unmatched 2D X 
4 Unmatched 2D Y 
5 Matched 3D X 
6 Matched 3D Y 
7 Unmatched 3D X 




Figure 6.19: 3D geometry of the granite fracture and the boundary conditions.  
 






Figure 6.21: The 3D geometry of the fracture in the Niobrara shale sample (F1A). 
6.6. Numerical Simulation of Fluid Flow in Granite Fracture  
The fracture permeability calculated in 2D longitudinal flow as a function of fracture 
aperture is shown in Figure 6.22. At higher apertures, the permeability of the rough fracture is 
similar to the solution of the parallel plate theory. This shows that the effect of fracture 
roughness is negligible if the fracture aperture is high, thus the cubic law is valid. The fracture 
permeability of unmatched and matched surfaces are lower than the analytical solution of the 
parallel plate theory. The deviation from the parallel plate theory increases as the fracture 
aperture decreases. The transverse fracture permeability ( ky)  was calculated and compared with 
longitudinal fracture permeability ( kx). The results of 2D permeability anisotropy (Figure 6.23) 
indicate that the fracture permeability anisotropy increase as the fracture aperture decreases. 
 One of the shortcomings of 2D modeling is that it cannot handle the fracture closing 
points. For instance, if the fluid flow is simulated when the asperities contact each other, the 
hydraulic fracture aperture or the fracture permeability approaches zero in the 2D simulation. But 
3D modeling does not have this shortcoming since the flow is channeling around the asperity 
contact points.          
 Velocity profile of 2D fluid flow in an unmatched fracture is shown in Figure 6.24. It is 
evident when the fracture aperture decreases, the impact of roughness on velocity increases; the 
choke points increase the velocity. Therefore, the fluid flow deviates more from cubic law as 




Figure 6.22: The 2D simulation of fracture permeability of granite sample. 
 




Figure 6.24: Velocity of 2D simulation of granite sample. 
Three-dimensional simulations were conducted in X and Y direction. Hydraulic and 
mechanical fracture aperture for the 3D simulation of the matched surfaces is depicted in Figure 
6.25. The mechanical to hydraulic fracture aperture ratio reaches 1.3 as the mean mechanical 
aperture decrease to 1 mm. The fracture anisotropy from 3D simulation is shown in Figure 6.26. 
Fracture anisotropy increases as mean mechanical aperture increases. There is 45% anisotropy in 
the fracture permeability of matched surfaces when the mean mechanical aperture is 1 mm. The 
velocity profile of the longitudinal flow is compared with the lateral flow in Figure 6.27. 
Velocity is more uniform in the lateral flow than the longitudinal flow causing anisotropy in the 
fracture permeability.          
 Simulation of the fracture permeability was conducted at high fracture apertures due to 
computational limitations. On the other hand, the experimental measurements require fracture 
porosity to convert mean permeability to fracture permeability but fracture porosity data was not 
available. The numerical and experimental data are integrated here to obtain an estimate of 
fracture permeability and porosity.  In Figure 6.29, different fracture apertures were assumed to 
calculate fracture permeability from experimental mean permeability at confining pressure of 
7MPa (1015 psi). The fracture permeability from 3D simulation of unmatched surfaces was 
extrapolated. The point of intersection between these two curves was used to estimate fracture 
aperture with assumption of linear extrapolation.  Fracture aperture of 20 µm is estimated, thus 
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fracture porosity of 0.07 % is calculated. Subsequently, fracture permeability was calculated to 
be 1.33×104 mD.  
 
Figure 6.25: Comparing mechanical and hydraulic aperture in 3D simulation of granite. 
 









Figure 6.28: Calculation of the fracture aperture using the experimental data and simulation. 
6.7. Numerical Simulation of Fluid Flow in Niobrara Shale Fracture    
 Similar to the granite sample, fluid dynamics was simulated in Niobrara shale sample 
F1A and hydraulic aperture was calculated (Figure 6.29). At high fracture apertures, the 
mechanical to hydraulic aperture approaches one which means the similarity of fluid flow in 
rough fracture and smooth fracture.  However, the mechanical to hydraulic asperity increase as 
fracture get closer. The ratio is higher for the flow in “Y” direction and it approaches 1.17 when 
the mechanical aperture is 1mm.          
 Similarly, fracture permeability can be calculated (Figure 6.30). Fracture permeability in 
both “X” and “Y” directions are lower than the fracture permeability calculated from parallel 
plate theory. The difference between fracture permeability in “X” and “Y” directions increase as 
the fracture gets closer (Figure 6.31). The fracture permeability anisotropy (ky kx)⁄  approaches 




Figure 6.29: Comparing hydraulic and mechanical aperture in the Niobrara shale. 
 




Figure 6.31: Anisotropy in fracture permeability of Niobrara shale sample (F1A). 
6.8. Conclusions          
 The topography of a granite fracture and two Niobrara shale fractures were measured by 
laser profilometer. The 2D and 3D fracture geometries were numerically created and discretized 
for numerical simulation of flow in such geometries. The fracture permeability was also 
measured experimentally using water and gas. The following conclusions can be drawn:  
 1. Fracture roughness causes deviation from the cubic law. The topography of the 
Niobrara shale fracture is less rough than the granite sample. Therefore, the deviation from cubic 
law is less in the Niobrara shale compared to the granite sample.     
 2. The deviation from cubic law increases as the fracture aperture decreases. Moreover, 
fracture roughness causes preferential flow paths or anisotropy in the fracture permeability. The 
anisotropy in fracture permeability increases as the fracture aperture decreases. The anisotropy in 
fracture permeability reaches 45% in the lowest simulated fracture aperture case for the granite 
sample and 40% for the shale sample.       
 3. The fracture permeability was measured experimentally at several confining stresses. 
Both simulation and experimental results show that fracture permeability decreases as the 
effective stress increases. However, the experimental and numerical simulation of the fracture 
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shows that the unmatching rough surfaces of the fracture prevent complete closure of the 
fracture.             
 4. There is significant hysteresis in the gas fracture permeability of Niobrara shale due to 
collapse of soft pores and micro-fractures.        
 5. The fracture permeability is similar for water and gas fluid flow in the granite fractured 
sample. On the other hand, there is significant difference between water and gas permeability in 
the Niobrara fractured sample. Water permeability is three orders of magnitude lower when 
water is flowing compared to the gas flowing. Water fracture permeability in one of the Niobrara 
shale samples is similar to gas permeability of the sample prior to fracturing. Therefore, water 















CHAPTER 7                                                                                                                 
CONCLUSIONS AND RECOMMENDATIONS 
 
 Lamination and fractures are source of directional dependency of failure and flow 
properties of organic-rich shales. We determined the effect of these anisotropic features on 
elastic properties, tensile and shear failure, and permeability. Incorporation of anisotropy can 
improve many aspects of shale gas and oil development. Incorporating the tensile failure and 
shear failure anisotropy can improve the complex fracture theory in shale reservoirs compared to 
planar fracture theory in most conventional reservoirs. Incorporation of shear and tensile 
anisotropy can also improve the estimation or interpretation of breakout and induced lost 
circulation in wellbore stability analysis. Incorporation of anisotropy in elastic properties can 
improve the estimation of hydraulic fracture height and width. Finally, the incorporation of 
matrix permeability anisotropy and fracture roughness can improve the production forecast in 
organic-rich shales. We draw the following conclusions based on extensive tests on compressive, 
tensile and flow properties of several organic-rich shales (Eagle Ford, Mancos, Green River, and 
Niobrara) as well as numerical simulation of flow both in matrix and fracture and well log 
analysis of elastic properties.            
7.1. Conclusions            
 1. It is usually assumed that the three oriented (horizontal, vertical, and 45°) have 
identical properties for the characterization of anisotropy. However, we used compressional 
velocity scanning parallel to lamination to show that irregular thin laminations in Eagle Ford 
shale creates heterogeneity, thus the three-sample method can cause errors in the measurement of 
elastic properties on one-inch diameter samples. Therefore, we recommend that heterogeneity 
characterization is essential for the estimation of anisotropy in organic-rich shale experimental 
testing.             
 2. The effect of stress on elastic properties of Eagle Ford shale is dominated by the 
existence of microfractures. The effect of stress on elastic properties diminishes as stress is 
increased. The Eagle Ford shale samples showed weak anisotropic behavior (Epsilon=0.14, 
Gamma=0.12).            
 3. The estimation of minimum horizontal stress in Eagle Ford shale was improved by the 
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application of VTI modeling. The bentonite layer at the boundary of upper and lower Eagle Ford 
shale show higher Poisson’s ratio. The combination of the mechanical effect discussed here and 
the chemical interaction with water can impact hydraulic fracture performance in Eagle Ford 
shale.              
 4. The compressive strength of Mancos shale was weakest at 60° and the sample failed 
by sliding on the lamination plane. This anisotropic strength and fracture pattern impact the 
wellbore stability in shale reservoirs.        
 5. Tensile strength and tensile fracture pattern is a function of lamination angle as 
determined on Green River shale. Tensile strength is lowest along the lamination and tensile 
failure can be deviated toward lamination if the lamination angle is less than 30°.    
 6. Tensile strength is a function of organic content and maturity. Tensile strength 
decreases as the total organic content increases in Green River shale. Tensile strength of Eagle 
Ford shale is negligible along the lamination due to the presence of microfractures created in the 
course of maturation.            
 7. Calcite-filled fractures in Niobrara shale samples have one-third of the strength of the 
matrix. Moreover, these natural fractures can be activated if the approaching angle is less than 
30°.             
 8. The simulation results show that the permeability measurement by crushed sample 
(GRI) method depend the crushed sample size. As an alternative transient method, complex 
transient method was experimentally tested and simulated to measure shale permeability.   
 9. The anisotropy in permeability can be partially an artifact of existence of 
microfractures or lamination heterogeneity when three oriented samples are used.   
 10. Foraminiferas in Eagle Ford shale can increase the tortuosity in Eagle Ford shale 
permeability since microfractures can be deviated or terminated when they are approaching 
foraminifera.             
 11. High hysteresis in permeability was observed in organic-rich shale compared to a 
sandstone sample. This phenomenon can be attributed to the collapse of soft pores and existence 
of microfractures in organic-rich shales. The hysteresis in shale fracture permeability diminishes 
after the first stress cycle since the asperities are already deformed to stable values. 
 12. Fracture roughness increases the resistance to flow, thus permeability is lower in 
simulated rough fractures compared to the results of cubic law for parallel plate fractures. The 
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surface topography measurement by laser profilometry show that Niobrara shale fracture is 
smoother than the granite sample, thus the effect of roughness on flow is less in the studied 
fracture apertures.  The effect of roughness increases as fracture aperture decreases.   
 13. Based on simulated fluid flow in rough fractures, 40%-50% anisotropy in fracture 
permeability was determined as a function of aperture size.       
 14. There is significant difference between the water and gas permeability in the fractured 
Niobrara shale while there is no difference between the water and gas permeability in the 
fractured granite sample. The fracture permeability with water decreased three orders of 
magnitude as effective stress increased. This observation can partially be attributed to the 
mechanical degradation of asperities with water as a function of time and effective stress and the 
low roughness of the shale samples. As a result, water can be partially trapped in microfractures 
which can be partially responsible for the low water back-flow recovery in shale reservoirs.  
7.2. Recommendations for Future Studies         
1. The effect of lamination and natural fractures on tensile strength and tensile fracture 
pattern was studied in Chapter 4. For future work, it is recommended to evaluate the 
effect of tensile strength anisotropy and heterogeneity in hydraulic fracture modeling.  
 
2. Fluid flow in fractures was evaluated using topography of fractures in Chapter 6. I 
recommend for future work to simulate the fluid flow in fractures at lower asperities and 
also to include the asperities deformation under stress. Pressure sensitive films can be 
used to evaluate the asperities contact area.   
 
3. The minimum horizontal stress was calculated using vertical transverse isotropy (VTI) 
model and the result was compared to the isotropic model in Chapter 2. For future work, I 
suggest comparing the calculated minimum horizontal stress values with the Diagnostic 
Fracture Injection Test (DFIT) tests to evaluate the accuracy of VTI modeling.  
 
4. Both Eagle Ford shale as mature shale and Green River shale as an immature shale were 
studied in Chapter 3 and 4. However, it is challenging to compare these two rocks based 
on their maturity as there are several other variables. I suggest studying the mechanical 
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properties of Green River shale at different maturation stage via pyrolysis to better 
understand the effect of maturation on shale mechanical properties. 
 
5. Fracture permeability with water was compared with gas in Chapter 6 and significant 
difference was obtained for Niobrara shale samples. I suggest doing similar tests on other 
shale samples to further evaluate this observation and to evaluate the consequences of 
such behavior on back-flow water production and recovery of shale resources. 
 
6. The effect of kerogen on wettability was studied in Chapter 2. I suggest incorporating this 
effect in reservoir fluid flow simulation, so this effect can be further explained via the 
simulation of the recovery efficiency.  
 
7. In this thesis, triaxial experiments were conducted in which two horizontal stresses are 
equal. To better simulate the in-situ stress state, I suggest evaluating various aspects of 
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